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ABSTRACT 
 
The objective of this thesis was to evaluate the current technical and 
economical feasibility of processing dairy manure-derived biogas to natural gas 
quality for injection into the natural gas pipeline. Dairy farms across the county and 
around the world are utilizing anaerobic digestion to treat manure, improve nutrient 
recovery and generate biogas. Biogas, which consists mainly of methane and carbon 
dioxide, with smaller amounts of hydrogen sulfide, water vapor and other impurities, 
can be used in heating and power applications. Biogas can also be used directly as a 
high BTU value fuel, comparable to natural gas, if processed to remove carbon 
dioxide, hydrogen sulfide, water vapor and other impurities. 
In order to determine the processing requirements necessary to transform dairy 
manure-derived biogas to natural gas quality, a compositional analysis of biogas was 
conducted. Using gas chromatography to analyze biogas samples taken from Dairy 
Development International, located near Homer, NY, it was determined that the 
methane and carbon dioxide content of the biogas does not vary significantly over a 24 
hour period.  The data suggests that DDI’s biogas composition is approximately 60% 
methane and about 40% carbon dioxide, with a hydrogen sulfide content ranging from 
approximately 1,500 to 3,000 ppm.  
In order for biogas to be suitable for the natural gas pipeline, it must go 
through a two step process.  The first step, known as “cleaning”, removes hydrogen 
sulfide and other trace impurities. The second step, “upgrading”, removes carbon 
dioxide, which lowers the energy value of the biogas. This thesis contains an overview 
of processes that can be used to clean and upgrade diary biogas. 
In order to determine the economic feasibility of processing dairy biogas to 
natural gas quality, a present worth analysis was conducted, using the following    
variables: number of cows on the dairy farm, selling price of processed biogas, interest 
rate and proximity of biogas producer to the natural gas pipeline. The results of the 
economic analysis show that for all farm sizes considered (500, 1,000, 3,000, 5,000 
and 10,000 cows), profit is made, as long as the selling price of the processed biogas is 
high enough. For example, on a relatively small dairy (500 cows), a profit is made if 
the processed biogas is sold for $12/MBtu or more, given a low interest rate (3%) and 
no additional pipeline installation. On 1,000 and 3,000 cow dairies, a profit will not be 
made unless the processed biogas is sold for at least $6.00/MBtu and $4.00/MBtu, 
respectively, assuming a low interest rate and no pipeline installation. For a 10,000 
cow dairy, a profit is made even if 1 mile of pipeline is installed, as long as the selling 
price of the processed gas is $4.00/MBtu or above and the interest rate is low. The 
economic analysis presented in this thesis demonstrates the importance of economy of 
scale in biogas processing projects, but also demonstrates that smaller biogas 
producers may be able to sell their processed biogas and make a profit if the selling 
price is high enough.  
These initial results are encouraging and future work is warranted for 
examining the site specific technical and economical feasibility of processing dairy 
biogas to natural gas quality for the natural gas pipeline on individual farms.  iii 
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1 
CHAPTER 
 
1.  INTRODUCTION 
 
Across the globe, anaerobic digestion (AD) of farm waste has been practiced 
for many years, as it provides a way to treat raw, organic waste material, improves 
nutrient recovery and generated a renewable energy source known as biogas. As 
energy costs rise due to increased demand and uncertainty of supply, environmental 
regulations grow stricter and farm size has grown larger, farmers are looking to AD 
and the use of biogas to assist with these issues. A major federal regulation that 
farmers must adhere to is the Clean Water Act (National Agricultural Compliance 
Assistance Center, Summary of the Clean Water Act, EPA, 2005), which requires 
farmers to develop nutrient management plans to reduce non-point source pollution of 
ground and surface water. In New York State, the Agricultural Management Practices 
Catalogue for Nonpoint Source Pollution Prevention and Water Quality Protection in 
New York State (Agricultural Management Practices Sub-Committee of the New 
York State Nonpoint Source Management Practices Task Force, 1996) describes 
methods farmers can use to address these environmental concerns. AD was approved 
as an acceptable nutrient management practice in April, 1996 (Riggle, 1997) 
There are several hurdles to implementing systems that utilize biogas. These 
include the high capital, operational and maintenance costs associated with such 
systems, as well as economic means for biogas production and utilization. In addition, 
the general public’s limited knowledge regarding the potential of agricultural biogas as 
a renewable energy resource has caused little attention to be paid to the subject outside 
specialized academic, commercial and government circles. This combination of  
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factors, ranging from economic to educational, has led to biogas being an 
underutilized resource in the United States and much of the world.  
Agricultural biogas consists mainly of methane (CH4) and carbon dioxide 
(CO2) with smaller amounts of water vapor and nitrogen (N2) and trace amounts of 
impurities such as hydrogen sulfide (H2S) and ammonia (NH3). The intended use of 
the biogas dictates the degree to which the gas must be processed before being used. 
Certain applications, such as using the gas in a boiler or to run an internal combustion 
(IC) engine require minimal gas processing, while other applications, including using 
the gas to power a fuel cell or upgrading the biogas to natural gas quality, requires 
stringent processing.  
In recent years, distributed generation (DG) is often described as small scale 
power generation stations that provide electric power at a site closer to customers than 
larger generation stations (Ma, 2002). Many technologies are available for distributed 
power generation, including microturbines, fuel cells and IC engines. However, this 
statement can be expanded to include any energy source ‘produced on the customer’s 
side of the meter’. This includes the renewable energy source provided when biogas is 
upgraded to natural gas quality for distribution in the natural gas pipeline.  
 In the United States, a smaller, modular approach of harvesting agricultural 
biogas and upgrading it to natural gas quality for distribution in the existing natural 
gas network has not been developed. A unique opportunity exits to begin doing so. To 
promote the research and development of agricultural biogas as a renewable energy 
resource, the following questions must be addressed.  
1.  As farmers are considering non-cogeneration options for biogas use, 
how feasible, from both a technical and economic standpoint, is 
upgrading biogas to natural gas quality for injection into the natural gas 
pipeline?  
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2.  In order to approach the preceding question, it is essential to know the 
composition of the biogas to be upgraded. The technology needed to 
upgrade biogas and the cost of the upgrading process depends on the 
biogas’ composition. Thus, how variable is agricultural biogas on a 
short term basis (hourly, daily) and over longer periods of time 
(weekly, monthly)?  
Dairy Development International (DDI), located in Homer, NY, with its plug 
flow digester receiving manure from about 800 cows, provided the majority of data 
used to assess biogas variability using gas chromatography. To determine the 
feasibility of upgrading biogas to natural gas quality for injection into the natural gas 
pipeline from a technical standpoint, an extensive literature review was conducted. In 
addition, companies that design and build similar biogas upgrading systems that utilize 
landfill gas were contacted for economic information and provided ‘real world’ 
insight. 
It is hoped that this study will aid farmers, engineers, government authorities 
and students to pursue the advancement of renewable energy projects and to 
encourage the further development of upgraded biogas as an alternative to using non-
renewable natural gas.  
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CHAPTER 
 
2.  ANAEROBIC DIGESTION AND BIOGAS USAGE 
 
2.1 BACKGROUND 
 
Over the past several decades, development of anaerobic digesters for treating 
livestock waste has accelerated. Between 2000-2002, the number of operating 
digesters in the United States had increased nearly 30 %, from 31-40 (AgSTAR, 
2002).  Digested manure has advantages over untreated manure: 
·  Digested manure has less odor, 
·  Digested manure is more homogeneous than raw manure and the 
amount of pathogens is greatly reduced, 
·  Digested manure has organic compounds which degrade easier than 
those found in raw manure. Thus the fraction of nitrogen that plants 
directly absorbs increases when digested manure is used as a fertilizer. 
With correct application, chemical fertilizer usage can be reduced by 
10-20% (Tijmensen and van den Broek, 2004), 
Of the 40 operational digesters in 2002, twenty nine are located on dairy farms, 
nine are on swine farms, one is on a caged layer farm and one is on a duck farm. The 
majority of operational digesters are farm scale systems, but centralized digester 
systems are beginning to emerge. In San Bernardino County, California, the Inland 
Empire Utilities Agency is currently designing a centralized digester that will treat 
dairy waste and food processing plant waste (California Biomass Collaborative, 
Quarterly Newsletter, Winter 2005). A centralized digester system was considered for 
Noblehurst Farms in Livingston County, NY but a feasibility study funded in part by  
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NYSERDA determined that the transportation costs of manure was cost prohibitive 
(Wright and Ma, 2003).  Of the forty digesters, three are centralized systems that 
provide treatment for surrounding farms. AgSTAR estimates that by 2003, at least 
forty additional systems will become operational.  
In 2002, AgSTAR reported that thirty-five of the 40 operational digesters used 
recovered biogas to generate electricity and hot water. Electricity and hot water 
production combined produced the equivalent of almost four MW per year. The 
remaining five systems flared their gas for odor control. These systems, which 
improve the sustainability and efficiency of farms by optimizing energy and material 
usage while minimizing pollution and waste, are known as integrated farm energy 
systems (IFE). Extensive research on IFE was conducted by Cornell University 
researchers in the 1970’s and 1990’s. For further details on the work conducted, see 
Pellerin, et al. (1988) Walker, et al. (1985) and Jewell, et al. (1978).   
 
2.2 PROCESS OVERVIEW 
 
Anaerobic digestion (AD) of organic matter is a complex process carried out 
by a diverse microbial population and can be divided into three main stages, with a 
specific group of bacteria associated with each state (Hobson, 1985).  
In the first stage, organic material, in the form of polymers, is hydrolyzed by 
enzymes to individual monomers, which are fermented to various intermediates 
including short-chain fatty acids, carbon dioxide, and hydrogen gases. The primary 
intermediates produced in this phase are butyric, propionic and acetic acids, with 
fermentation preferring the production of acetic acid. 
During the second stage, acetogenic bacteria metabolize butyric acid, propionic 
acid and other possible end products from the first stage to additional acetic acid, 
hydrogen and carbon dioxide. Some of the carbon dioxide and hydrogen produced by  
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the first and second stages of this process is metabolized to acetic acid by acetogenic 
hydrogenatic bacteria, comprising the forth subsidiary group of bacteria.  
The third stage bacteria, known as methanogenic bacteria, produce biogas from 
the acetic acid, hydrogen and carbon dioxide by either decarboxylation of acetate or 
the reduction of carbon dioxide.  
Also present in this process are sulfate reducing bacteria, which reduce sulfates 
and other sulfur compounds to hydrogen sulfide. Most of the hydrogen sulfide reacts 
with heavy metal salts, including iron, to form insoluble sulfides, but there will always 
be some hydrogen sulfide in the biogas (Rivard, 1995).  In dairy biogas, the amount of 
hydrogen sulfide in dairy biogas usually ranges from 1,000 to 5,000 ppm.  
As Figure 2.1 demonstrates, there are two main routes by which methane is 
produced during the process of anaerobic digestion. Methane may be derived by the 
decarboxylation of acetate to methane and carbon dioxide or by the reduction carbon 
dioxide to methane. Most methanogens, or methane-producing bacteria, have the 
metabolic capacity to grow in the absence of oxygen by oxidizing hydrogen and reducing 
carbon dioxide to methane. In this case, hydrogen is the energy source (electron donor) 
and carbon dioxide is the electron acceptor.  
Research has shown that 73% of the methane produced is derived from the 
methyl group of acetate (Jones, 1980).  It is likely that the fermentation of 
carbohydrates is biased towards the production of acetic acid. Thus: 
2 C6H12O6 + H2O                    2CH3COOH + 2CO2 + 4H2 
With the formation of acetic acid, carbon dioxide and hydrogen, methane is 
then formed by the two following pathways: 
2CH3COOH                    2CH4 + 2CO2 
4H2 + CO2                CH4 + 2H2O 
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From these processes, approximately 66% of the methane comes from acetic 
acid and 33% from the hydrogen.  There are thee main factors which contribute to the 
predominance of acetic acid as a precursor of methane. Because the hydrogen formed 
is used to hydrogenate the long-chain fatty acids, to reduce sulfur and nitrogen 
compounds and to form bacterial cellular components, hydrogen may not be available 
for methane formations. Second, because animal wastes always contain volatile fatty 
acid (VFA) from fermentation that occurs in the animal’s stomach, VFA 
concentrations may be high. Acetic acid is a large constituent of this acid mixture.  
Finally, when the second group of bacteria, known as the acetogenic 
hydrogenating bacteria, convert hydrogen and carbon dioxide to acetate, the 
proportion of methane generated from acetate increases (Hobson, 1985).  
 
2.3 TYPES OF ANAEROBIC DIGESTERS 
 
There are several types of anaerobic digesters used in the United States, with 
the most common being covered lagoons, complete mix and plug flow. As of October 
2002, approximately 43% of digesters in the United States are plug flow, 18% are 
covered lagoon, 20% are complete mixed tank, 5% are fixed film, 7.5% are slurry loop 
and 7.5% are two stage mixed tanks.  
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Figure 2.1: Anaerobic Digestion Process 
Anaerobic Digestion Process, From Hobson, 1985 
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2.3.1 PLUG FLOW DIGESTERS 
 
A plug flow digester is defined as a constant volume, flow through, controlled 
temperature tank designed for methane production and recovery in conjunction with a 
separate waste storage facility at a livestock production operation with manure of 
suitable consistency for the process (Rivard and Boone, 1995).  The basic design of a 
plug flow digester is a long trough, often built below ground, and may have either an 
airtight, inflatable cover or a hard top cover. Each day, a new “plug” of manure is 
added to the system, pushing the existing manure through the trough. As the manure 
proceeds through the trough, it decomposes and releases biogas that is trapped 
underneath the cover. 
Use of a plug flow digester is subject to several site-specific conditions and 
should be integrated as a key component into a methane production and recovery 
system. For this system, raw manure is usually mechanically scraped from the 
concrete floors in freestall style barns. The operation must use scraping to collect its 
manure, because flushing with water dilutes the slurry too much. 
The manure should be less than seven days old, with minimal amounts of 
debris, such as soil, sand, organic bedding material and straw and the manure influent 
into the digester should contain 8-12% total solids (TS). (U.S. EPA AgSTAR, 2004).  
A mixing pit, which allows the TS concentration of manure to be adjusted to the 
necessary range by dilution with water or the addition of other material, such as food 
waste, may be located near the entrance to digester. In order to prevent additional 
dilution, excess waste and wastewater, including rainfall should not enter the digester 
in order to keep total solids concentration within the appropriate range.   
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The plug flow digester tank is usually made of reinforced concrete or corrosion 
protected material and can be located above or below ground. Integral parts of the 
digester include manure entry and exit pipes, heating pipes and a solid cover or an 
attached, inflatable cover. 
Plug-flow digesters usually operate within the mesophilic temperature range, 
with a hydraulic retention time (HRT) of 20 to 30 days, depending on characteristics 
of the waste and operating temperature (Lusk, 1999). Plug flow digesters may operate 
in the thermophilic range, which increases the decomposition rate and the biogas 
production rate from those achieved in the mesophilic range. However, operating the 
digester in the thermophilic range makes the digester more sensitive to changes in 
feedstock composition and temperature. Digesters operating in the mesophilic range 
are less sensitive to operational upsets than those operating in the thermophilic range.  
In order to maintain the digester at the appropriate temperature, the tank should 
be equipped with a heat exchanger. To reduce heat loss, the tank surface, walls and 
floor are often insulated to reduce heat loss and maintain digester temperature.  
Temperature is a very important parameter in the anaerobic digestion process. 
Plug flow digesters operate in the mesophilic level of temperature rang from 35-40 °C 
(95-103 °F) with an optimal temperature of 37.5 °C (100 °F). 
 
2.3.2 COVERED ANAEROBIC LAGOON 
 
This type of digester is a constant volume lagoon that is designed for biogas 
production and recovery in conjunction with a separate waste storage facility, where 
the total solids concentration in the influent waste is less than 2% (Wilkie, 2005). . 
Because plug flow and complete mix digestion technologies may not be suitable for 
use on farms that use hydraulic flushing systems, because of the amount of water used, 
covered anaerobic lagoons may be a viable option (Mazza, 2002).  
 
11 
Hydraulic flushing dilutes the manure substantially, with total solids 
concentrations as low or lower than 2-3%.  In this situation, anaerobic lagoons are a 
popular method for manure storage and treatment. The operating volume of the lagoon 
is designed based on the daily volatile solids (VS) loading rate per 1,000 ft
3/day or the 
minimum hydraulic retention time needed for methane production, whichever is 
greater. 
A floating, sealed cover floating over the lagoon captures methane. The cover 
is made of an industrial fabric that rests on solid floats placed on the lagoon’s surface. 
Biogas is trapped by the cover and is collected using a collection manifold, such as a 
pipe, which is placed under the cover along the sealed edge of the lagoon (Lusk, 
1999). By connecting a suction blower to the end of the pipe, biogas is drawn out from 
under the cover and sent to an end use application.  
 
2.3.3 COMPLETE MIX DIGESTER 
 
A complete mix digester is a constant volume, controlled temperature, flow 
through tank designed for methane production and recovery in conjunction with a 
separate waste storage facility. This type of system is applicable to a farm where 
manure is collected from concrete surfaces daily and where manure enters the digester 
with a total solids (TS) concentration of between 2.0% and 10% (Balsam, 2002). 
The complete mix digester reactor is typically a large, vertical, poured concrete 
or steel circular, square or rectangular container, located either above or below ground.  
Manure is collected into a mixing pit by a pumping or gravity flow system and may be 
diluted to the appropriate TS concentration if necessary. Manure, and possible 
additional material like food waste, is mixed within the tank to create a homogeneous 
mixture that keeps solids in suspension and prevents the formation of crust on the 
surface (Lusk, 1999).  
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Complete mix digesters operate at either the thermophilic (125°-135 °F) or 
mesophilic ranges and should be sized to retain 10-20 days of manure and water as 
needed for dilution. Most operational digesters of this type in the United States are 
mesophilic, with an optimum temperature of 37.5 °C (100 °F).  To maintain proper 
temperature, the reactor should be equipped with a heat exchanger located below the 
operating fluid level inside the reactor. The digester should be equipped with a mixing 
device that will break up floating solids, suspended solids or clumps of material that 
develop within the reactor. A well mixed reactor is essential, as scum formations, 
settled solids and grit often present major problems, such as clogging of the system 
(AgSTAR, 2004).  
The digester’s cover should be designed to capture and transport methane to a 
designated outlet. A gas collection cover can be either an inflatable, sealed cover or a 
solid one.  
 
2.4 DIGESTER OPERATION AND CONTROL  
 
Even with a state of the art anaerobic digester and suitable manure for 
digestion, it is still possible for a digester system to be unsuccessful on a farm due to 
poor design by the design engineers and lack of understanding of operational and 
control requirements by the farmer. Several factors, including operating temperature, 
pH, water/solids ratio, carbon/nitrogen ratio and retention time influence the digestion 
process and quantity of biogas production (Paine and Hepherd, 1985). 
One factor that affects the rate and efficiency of the anaerobic digestion 
process is temperature. A straight line increase in efficiency coincides with a rise in 
temperature from ambient to 30 to 35 °C (86-95 °F), measured in terms of biogas 
production and volatile solids destruction (Golueke, 2002).  After 35 °C (95 °F), the 
increase begins to level off and a maximum is reached between 35 and 40 °C (95-104  
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°F).  Efficiency decreases slightly within the 40 to 45 °C (104-113 °F) range, but as 
the temperature rises above 45 °C (113 °F), assuming the bacteria culture has been 
adapted to thermophilic conditions, efficiency again increases and peaks around 55 °C 
(131 °F). At temperatures above 65 °C (149 °F) biological activity drops dramatically, 
decreasing system efficiency.  See Figure 2.2, below.  
 
 
 
Figure 2.2: Rate of Anaerobic Digestion Process 
 
2.5 BRIEF HISTORY OF ANAEROBIC DIGESTION 
 
A detailed history of anaerobic digestion can be found in P. Lusk’s “Methane 
Recovery from Animal Manures: A Current Opportunity Casebook” (1998).   
Highlights from the lengthy history of anaerobic digestion include: 
·  Anecdotal evidence that biogas was used for heating bath water in 
Assyria and in Persia, during the 10th and 16th centuries, respectively.   
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·  Discoveries in the 17th and 18th centuries that flammable gases are 
produced from decaying organic matter, along with the discovery of the 
correlation between the amount of decaying organic matter and the 
amount of gas produced. 
·  The determination in the early 19th century that methane was present in 
the gas produced during the AD of cattle manure 
·  Development of digestion plants that treated sewage in Bombay, India 
(1859) and England (1895). 
·  Use of AD to produce energy when fuel supplies were limited during 
World War II. 
Currently, Western Europe is leading the way in AD technology. Denmark has 
more than 20 large, centralized biogas plants and hopes to triple the amount of biogas 
produced by the year 2005 (Danish Ministry of Energy and Environment, 2003). The 
Danish government encourages AD technology development through financial 
incentives. The country’s “green pricing” policy allows manufactures of biogas 
derived electricity to sell it at a premium price.   
In developing countries, six to eight million small scale, low technology 
digesters are used to provide biogas for lighting and cooking. In China and India, 
larger, more sophisticated systems are being designed and installed for electricity 
generation. For a detailed discussion of biogas plant design and installation in China, 
see Scott and Duan, 2003. 
 
2.5.1 HISTORY AND STATUS OF ANAEROBIC DIGESTERS ON FARMS IN 
THE UNITED STATES.  
 
The first farm based digester in the United States was a result of a complaint 
commonly made today by those that live in close proximity to a farm: odor. Between  
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1951-1953, the McCabe Farm built most of its hog facilities on rural land outside of 
Mt. Pleasant, Iowa. By 1970, the town had expanded to the farms borders and 
residents began complaining about odor problems in the area. Various system designs 
were tested to combat the problem and in 1972 a complete mix anaerobic digester was 
installed and seeded with municipal waste sludge and manure from the swine facility 
(Lusk, 1998). 
Following closely after the installation of the first farm based digester in the 
United States, the energy crisis hit and the search for alternative energy sources began.   
Small and medium AD systems in India and China were investigated in order to 
determine if transferring this technology to farms in the United States was appropriate. 
Due to the small size of the digesters used there and the large energy requirements of 
most American livestock operations, these technologies were not transferable.  
In order to meet the energy needs of larger farms, several research and 
development project arose that transferred sewage treatment plant technology to 
farms.   By the end of the 1970s, Cornell University researchers demonstrated that 
using an extension of Asian AD technology could reduce capital costs and operational 
complexities (Jewell et al, 1979).  They developed ‘plug flow’ digester systems, in 
which manure is collected daily and added to one end of the trough. In the early 
1980s, sealed covers began being used to collect the biogas produced as a result of 
anaerobic digestion.  After it was determined that biogas could be trapped and utilized 
as an energy source, much research and development of technologies that can utilize 
this biogas has been conducted.  
 
2.6 INTERGRATED FARM ENERGY SYSTEMS  
 
Sharp increases in fuel prices, growing public and private concerns over the 
environmental impacts of modern farming and CAFOs, along with advances in  
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technology, create an opportunity to develop integrated farm energy systems (IFES). 
The driving principle behind IFES is to create a highly efficient system that recycles 
organic matter, produces decentralized energy and minimizes pollution. Most IFES 
use anaerobic digestion as the biological process in which biogas is produced from 
organic matter. Fresh slurry manure is pumped from the area where animals are kept 
to the digester, where it is heated to a temperature of approximately 38 ° C (100 °F).  
The biogas produced as a result of the digestion process is converted into heat, 
electricity, or both. In colder climates, some of the heat is required to heat the digester, 
while the remained is used to heat buildings on the farm or generate electricity. The 
generated electricity can be used to meet the farms electricity requirements, or may be 
sold to the grid. The digested manure may be separated into its liquid and solid 
components and used as compost and fertilizer.  
Cost effective IFES are beneficial to the farmer, as income may be generated 
through the selling of the medium or high BTU biogas, electricity and fertilizer. If the 
farmer uses the heat, electricity or fertilizer on the farm, this reduces the amount the 
farmer must purchase from external sources.  
The biogas generated during AD can be used in a variety of applications. If 
minimal gas processing is available, the biogas can be burned in a boiler to generate 
hot water or steam or used in a diesel engine or microturbine to generate electricity 
and heat. Because the biogas contains contaminants such as hydrogen sulfide that 
damages equipment, it is necessary to retrofit the equipment or perform extensive 
maintenance so it runs properly. For example, the oil in the diesel engine that 
generates electricity from biogas at AA Dairy must be changed more frequently than if 
the hydrogen sulfide was removed from the biogas. 
If biogas is abundant and extensive processing is economically and technically 
viable, the biogas may be used to power a fuel cell or may be injected into a natural  
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gas pipeline. Dairy Development International is the IFES used in this study, as an 
example. 
 
2.6.1  DAIRY DEVELOPMENT INTERNATIONAL AS AN INTEGRATED 
FARM ENERGY SYSTEM  
 
Dairy Development International (DDI) has approximately 850 dairy cows and 
is located on 30 acres near Homer, New York. Ground was broken for site 
construction and development in February of 2001 and milking began on August 7, 
2001.  The site consists of an office building, a utility office and milk house, a parlor 
and holding area, a special needs barn, two freestall barns, a separated liquid manure 
storage structure, a liquid/solid separator building, and an anaerobic digester. Other 
parts of the system include AgBag pads (for forage storage), a feed storage center and 
a scale.  
 
2.6.1.1 Current System Operation Overview 
 
Figure 2.3 is an overview of the current resource recovery system, which 
utilizes the anaerobic digestion of manure to produce three usable products: 
compostable solids, nutrient rich liquid and methane rich biogas.  
At the DDI operation, assuming a manure production rate of 30 gallons 
manure/cow/day, approximately 25,500 gallons of manure is produced daily. This 
manure is continuously scraped from the two 438 foot by 96 foot freestall barns. 
Water from the parlor and milk house is collected in a 21,000 gallon holding tank and 
is used to flush the holding pens in the freestall barns. The amount of water used is 
controlled in order to maintain a manure – water mixture with 12% solids for optimum 
digester performance. Using a series of one foot gravity step dams under the barns, the 
manure flows into the final collection pit (Wright and Graff, 2003). From the  
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collection pit, all of the manure produced each day is fed into a plug flow digester. As 
each new plug of manure is added at the entrance to the digester, manure in the 
process of digestion is pushed slowly through the system.  
The digestion process is designed to take 20 days but because the digester was 
designed for 1,000 cows and is currently operating at 850 cows, the HRT is 
approximately 30 days (Jones, 2002).  The temperature of the digester is maintained 
for mesophilic bacteria production, which causes the manure to decompose in warm 
slurry. This decomposition produces biogas, consisting of approximately 60% 
methane, 40% carbon dioxide and trace amounts of hydrogen sulfide and other gasses.  
The slurry, exiting the digester after approximately 30 days, is pumped to a 
mechanical separator. This separator, positioned approximately 20 feet above grade in 
a building, separates the solid material from the liquid. In general, mechanical 
separators produce a solid with about 70% to 80% moisture (Fulhage and Pfost, 1993). 
The solids fall onto a concrete pad and are purchased by a local farmer to compost. 
The liquid material is sent to an above ground manure storage system where it is kept 
until proper spreading times. 
Each day, approximately 70,550 ft
3 of biogas is produced as methanogenic 
bacteria convert fermentable solids into methane and carbon dioxide, assuming an 
average biogas production rate of 100 ft
3/cow-day, according to data collected at AA 
Dairy in Candor, NY (Peranginangin et al., 2001). Currently, the biogas produced is 
used to fire the boiler and because there is no biogas storage system, whatever portion 
of gas not used by the boiler is flared. The boiler, running solely on biogas, produces 
hot water that is then used to heat the barn and parlor floors, provide domestic hot 
water and heat the digester. 
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Figure 2.3: Schematic of DDI’s Resource Recovery System 
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2.6.1.2 Anaerobic Digester Description 
 
According to DDI’s Environmental Impact Statement (EIS), a plug flow 
anaerobic digester was installed in order to control odor from animal waste so that the 
dairy can exist close to surrounding houses. A secondary benefit is the production of 
methane rich biogas, a product of anaerobic digestion which “becomes cost effective if 
it can be coupled with the generation of electricity” and possibly thermal energy (EIS, 
2000). 
Manure is scraped continuously from the two barns into an underground 
holding area. From there, a submersible pump delivers the manure to the digester.  The 
fresh manure enters the plug flow system each day, pushing the existing manure in the 
digester through the system. The digester is approximately 130 feet long, 30 feet wide 
and 14 feet deep. The floor of the digester is 6 inch thick concrete while the walls are 
4 inch thick concrete. The dome of the digester is made out of a rubber material. 
Because the temperature for effective mesophilic digester operation is usually 
higher than outside temperatures, heat must be added to the system in order to raise 
the temperature of the incoming slurry and to offset heat losses through the floor, 
walls and top of the digester. Heat is added to the system by heating pipes that run 
along the walls of the digester. Hot water from the primary loop enters a mixing valve 
where it is mixed with water from the recirculating digester loop to obtain a desired 
inlet temperature  
 
2.6.1.3 Boiler Description 
 
The purpose of the boiler is to supply thermal energy in the form of hot water 
to the digester, the barn floors and to heat domestic hot water. The boiler currently 
uses only biogas from the anaerobic digester, which is located approximately 825 feet  
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away, to produce hot water. Water enters the boiler at a maximum rate of 125 
gallons/minute and is heated to an exit temperature of 82-87 C (180-190 °F).  From 
the boiler, the water enters the primary loop and is used in the digester, ethylene glycol 
and domestic hot water loops. 
 
2.7 ENERGY FROM BIOGAS 
2.7.1 INTERNAL COMBUSTION ENGINES   
 
According to AgSTAR’s handbook, for the majority of farms, the most 
profitable biogas use option is to fuel an internal combustion (IC) engine or gas 
turbine driven generator to produce electricity. Biogas fueled engines are relatively 
low in cost due to the availability of the technology and their minimal gas processing 
requirements. The efficiency of the IC engine ranges from 25% - 35%. A biogas 
engine generator will convert 18-25% of the biogas’ Btu value to electricity, 
depending on engine design and load factors.  
According to the California Energy Commission, capital costs for the engine 
itself range from $300-1000 per kilowatt (kW).  EPA estimates the installed capital 
costs of IC engines range from $1,300-1,500 per net kW output, with O&M costing 
approximately 2-3 cents per kilowatt-hour (cents/kWh). The installed capital costs 
include the engine, auxiliary equipment, interconnections, gas compression, 
engineering, and construction costs.  
Drawbacks to using IC engines include the typically higher rates of nitrogen 
oxide (NOx) emissions than other conversion technologies, although in recent years IC 
engine manufactures have been focusing on reducing NOx emissions through 
improved combustion systems technology and operating techniques. Because 
corrosion of engine parts often occurs due to the hydrogen sulfide present in dairy 
biogas, maintenance costs are higher relative to other technologies.  The problem of  
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hydrogen sulfide corroding engine parts is often rectified by putting the biogas 
through a hydrogen sulfide removal system or changing the oil frequently.  
See summary Table 2.1 below, which lists the pros and cons generally 
associated with IC engines. For further discussion, see Biogas Applications for Large 
Dairy Operations, Alternatives to Conventional Engine-Generators (Mears, 2001).  
 
Table 2.1: Primary Strength and Weaknesses of Internal Combustion Engine  
IC Engines 
Strengths  Weaknesses 
Low Capital Cost  Atmospheric Emissions 
Good Electrical Efficiencies   Noisy 
Quick Startup  Frequent maintenance intervals 
Fuel Flexibility 
High Reliability 
Change Oil Frequently Because of H2S 
Buildup 
 
 
2.7.2 MICROTURBINES 
 
Microturbines are small, gas combustion turbines that produce between 25 kW 
and 250 kW of power. Microturbine technology was derived from turbines found in 
auxiliary power units for airplanes and automotive turbochargers. Most microturbines 
are comprised of a compressor, combustor, turbine, alternator, recuperator and 
generator and are single-stage, radial flow devices with high rotating speeds of 90,000 
to 120,000 rpm.  
According to the California Energy Commission, microturbines are nearing 
commercial status. As of January 2005, Capstone reported that their microturbine units 
exceeded eight million documented hours of aggregate runtime among all installed 
operating around the globe. Some of their units run on natural gas, landfill gas and 
biogas generated through AD at wastewater treatment plants and on farms.  
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Microturbine systems are currently used at wastewater treatment plants, landfills and 
farms throughout the world. See Table 2.2 for basic properties of microturbines.  
 
Table 2.2: General Properties of Microturbines 
California Distributed Energy Resource Guide, 2002 
Commercially Available  Yes, but limited 
Size Range  25 to 250 kW 
Fuel  Natural gas, biogas, 
hydrogen, propane, diesel 
Fuel input must be 
pressurized to 55-75 psig 
Efficiency  20-30% (Recuperated) 
Environmental  Low(<9-50ppm) NOx 
Other Features  Cogeneration to produce 
heated water 
Commercial Status  Small volume production 
by 20 companies worldwide 
 
In general, microturbine generators can be divided into two classes. The most 
efficient is the recuperated microturbines, which recovers exhaust heat to boost the 
temperature of combustion. Simple cycles, or unrecuperated microturbines, which do 
not recover heat from exhaust gas, have much lower efficiencies. 
Recuperated microturbine systems operate as follows: Air is drawn into the 
microturbine and compressed. It then passes through a recuperator that captures heat 
from exhaust gases to preheat the incoming air. This preheating step significantly 
increases the overall efficiency of the unit. The preheated, compressed air then enters 
the combustion chamber, where it is mixed with fuel, such as natural gas or biogas.  
This air/fuel mixture is ignited, producing hot, rapidly expanding gases. These 
gases flow through the blades of a turbine to drive the compressor, and then through a 
second turbine. This turbine rotates at speeds up to 120,000 rpm and drives the 
rotating generator that produces electrical power. The gases exiting from the turbine 
then pass through the hot side of the recuperator. An optional hot water heat exchanger  
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can capture even more of the heat from the escaping exhaust gases (usually 400-500 
°F) to further increase the overall efficiency of the system. 
In unrecuperated or single cycle units, compressed air is mixed with fuel and 
burned under constant pressure. The hot gas resulting from this process expands 
through a turbine to do work. Unrecuperated systems are generally lower in capital 
costs and have higher reliability  
 
2.7.3  FUEL CELLS 
 
Fuel cells generate electricity from a simple electrochemical reaction in which 
oxygen and hydrogen combine to form water. There are several different types of fuel 
cells on the market today. They are all based around a central design which consists of 
a negative anode and a positive cathode. These are separated by a solid or liquid 
electrolyte, which is located between the anode and cathode. Oxygen (usually from 
air) passes over the cathode and the input fuel passes over the anode where it 
catalytically splits into ions and electrons. A catalyst, such as platinum, is often used 
to speed up the reactions at the electrodes.  
Fuel cells are classified according to the nature of the electrolyte. Discussed 
here are three types of fuel cells that are promising technologies. For details on other 
types fuel cells, including Solid Oxide Fuel Cells (SOFC) and Alkaline Fuel Cells 
(AFC), see Feasibility of Fuel Cells for Energy Conversion on the Dairy Farm, 
Minott, 2002. 
 
2.7.3.1 Proton Exchange Membrane (PEM) Fuel Cells  
 
This technology was invented by General Electric in the 1950s and was used 
by NASA to provide power for the Gemini space project. Many auto companies are 
conducting research on using PEM fuel cells as a replacement for the internal  
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combustion engine. PEM fuel cells are also known as proton electrolyte membrane, 
solid polymer electrolyte and polymer electrolyte fuel cells (Kordesch and Simader, 
2000).  See Figure 2.4 for the basic design of a PEM fuel cell.  
 
 
Figure 2.4: Schematic Design of PEM Fuel Cell 
In the PEM fuel cell, the electrolyte is a thin polymer membrane which is 
permeable to protons, but does not conduct electrons. Hydrogen containing material 
flows into the fuel cell at the anode and is split into hydrogen ions (protons) and 
electrons. The hydrogen ions move across the electrolyte to the cathode, while the 
electrons flow through an external circuit and provide power. Oxygen, often as found 
in air, is supplied to the cathode and this combines with the electrons and the hydrogen 
ions to produce water. The reactions at the electrodes are as follows: 
Anode: 2H2 4H
+ + 4e
- 
Cathode: O2 + 4H
+ + 4e
-  2H2O 
Overall: 2H2 + O2 2H2O + energy 
PEM cells operate at a temperature of around 80 °C (176 °F). At this low 
temperature, the electrochemical reactions would normally occur very slowly.  To 
account for this, a thin layer of platinum on each electrode acts a catalyst. Each cell  
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produces around 0.7 volt, about enough power to run a light bulb. In order to generate 
a higher voltage, to power a car, for instance,  which operates on 300 volts, individual 
cells are combined in series to form a structure known as a fuel cell stack (World 
Spaceflight News, 2003).   
PEM fuel cells have a number of attributes that make them ideal candidates 
for use in automotive applications and small domestic applications. They operate at 
relatively low temperatures, allowing them to start up rapidly and have a high power 
density which makes them relatively compact in size. PEM cells work at high 
efficiencies, producing 40-50% of the maximum theoretical voltage, and can vary their 
output quickly to meet shifts in power demand. 
A major drawback of PEM cells is that they need pure hydrogen to operate 
because they are susceptible to poisoning by carbon monoxide and other impurities. 
This is mainly due to the low operating temperature of the cell, which requires the use 
of a highly sensitive catalyst. Work is being carried out to produce more tolerant 
catalysts, along with membranes capable of operating at higher temperatures. 
An on-site PEM fuel cell system that runs on liquefied petroleum gas has been 
in operation at Wagner Farms, a 300 cow dairy farm in Eagle Mills, N.Y., since 
February 2004. The 5 kW unit has provided electricity and heat for the farm's milking 
parlor (Chittenden, 2004).  
However, despite the emerging commercial availability of fuel cell, a number 
of obstacles need to be overcome before this technology becomes more widespread 
and fully commercialized. Cost is the limiting factor, as membrane materials and 
catalysts are expensive. Ongoing research and development is constantly reducing cost 
and as PEM fuels cells become more utilized, economies of scale will bring prices 
down. 
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2.7.3.2 Molten Carbonate Fuel Cells (MCFC) 
 
Molten carbonate fuel cells work quite differently from PEM fuel cells. These 
cells use either molten lithium potassium or lithium sodium carbonate salts as the 
electrolyte. When heated to a temperature of around 650°C (1,200 °F) these salts melt 
and generate carbonate ions which flow from the cathode to the anode where they 
combine with hydrogen to give water, carbon dioxide and electrons (Holcomb et al., 
November 2000). These electrons are routed through an external circuit back to the 
cathode, generating power. 
Anode Reaction: CO3
2- + H2 H2O + CO2 + 2e
- 
Cathode Reaction: CO2+ 1/2O2 + 2e
- CO3
2- 
The high temperature at which these cells operate means that they are able to 
internally reform hydrocarbons, such as natural gas, biogas or petroleum, to generate 
hydrogen within the fuel cell structure. At these elevated temperatures there is no 
problem with carbon monoxide poisoning, although sulfur remains a problem. The 
excess heat generated can also be captured and used in combined heat and power 
plants. These fuel cells have an electric efficiency of approximately 50% (Kruse et al., 
2002) and the overall efficiency of the system can potentially rise to 80% if the waste 
heat is utilized in a combined heat and power system (CHP).  
The high temperatures do, however, present some problems. The cells take a 
considerable time to reach the operating temperature, making them unsuitable for 
transport applications. Additionally, the temperature and corrosive nature of the 
electrolyte probably mean that they are unsafe for home power generation. The high 
power generating efficiencies mean that they are attractive for use in large-scale 
industrial processes and electricity generating turbines.  
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2.7.3.3  Phosphoric Acid Fuel Cells (PAFC) 
 
The PAFC is currently the most commercially advanced fuel cell technology. 
These cells use liquid phosphoric acid as the electrolyte, usually contained in a 
silicone carbide matrix. PAFC work at slightly higher temperatures than PEM fuel 
cells, around 150 to 200 °C (302-392 °F), but still require platinum catalysts on the 
electrodes for increased reactivity. The anode and cathode reactions are the same as 
those in the PEM fuel cell with the cathode reaction occurring at a faster rate due to 
the higher operating temperature. 
This increased temperature also allows for a slightly higher tolerance to 
impurities and PAFC can function with 1-2 % carbon monoxide and a few ppm of 
sulfur in the gas streams (Holcomb, F. et al., December, 2000). The efficiency of 
phosphoric acid cells is lower than that of other fuel cell systems, around 40% and 
these systems also take longer to warm up than PEM cells. Despite these drawbacks, 
there are a number of advantages, including simple construction, stability and low 
electrolyte volatility. Phosphoric cells have been used to power buses and a number of 
these units are in operation. Stationary PAFC have been researched extensively in the 
past two decades and there are currently several working units with outputs ranging 
from 0.2-20 MW, providing power to hospitals, schools and small power stations 
(Cropper, 2003).  
Currently, there are several commercial demonstration PAFC units that utilize 
wastewater treatment plant biogas to generate electricity. In New York City, eight fuel 
cell units have been installed at five wastewater treatment plants (Skyler and Barowitz, 
2004).   
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2.7.4 STIRLING ENGINES 
 
The Stirling engine uses the Stirling cycle to generate generate electricity. The 
Stirling cycle uses an external heat source, such as gasoline or solar energy. No 
combustion takes place inside the cylinders of the engine and the gasses used inside 
the Stirling engine never leave the engine. The key principle of the stirling engine is 
that a fixed amount of gas is sealed inside the engine’s cylinders. The cycle involves a 
series of events that change the pressure of the gas inside the engine’s cylinders, 
causing work to be done.  
The Stirling engine works by the repeated heating and cooling of a sealed 
amount of working gas, usually air or other gases such as hydrogen or helium (Ross, 
1981). When the gas is heated, because it is in a sealed chamber, the pressure rises and 
this acts on the power piston to produce a power stroke. When the gas is cooled the 
pressure drops and the piston recompress the gas on the return stroke. The working gas 
flows cyclically between hot and cold heat exchangers.  See Figure 2.5 for a schematic 
of the four stages of the Stirling cycle.  
The two primary typed of Stirling engines are free piston and kinematic. Free 
piston engines use harmonic motion mechanics and planar springs. The pistons are 
able to oscillate freely, without any contact, thus decreasing wear and tear. The 
kinematic engine has pistons attached to a drive mechanism that converts the linear 
motion of the pistons to rotary motion (Senft, J., 1993).  
Stirling engines have a higher efficiency than IC engines and can reach 50% of 
their maximum theoretical output. This number increases to 95% or more when the 
waste heat is reclaimed and used in cogeneration.  
Benefits of Stirling engines include quiet operation, long life, zero emissions, 
fuel flexibility, minimal gas processing requirements and can be used in cogeneration  
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systems. Limitations include high capital costs, long startup time and limited use in 
commercial and industrial sectors.  Several demonstration projects around the United 
States are being designed to use wastewater treatment plant biogas to power Stirling 
engines. In New York, The New York Power Authority (NYPA) has commissioned 
Northern Power Systems to design and install a 165- kilowatt power generation 
system at the Owl's Head Wastewater Treatment Facility in Brooklyn.  Manufactured 
by STM Power, three 55-kilowatt Stirling external combustion engines are to be 
installed in late 2005 or early 2006 at the wastewater treatment facility (Water and 
Wastewater Newsletter, 2005).  
 
 
 
Figure 2.5: Stirling Engine Cycle  
(Shinozuka, J., 1999) 
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CHAPTER  
 
3.  BIOGAS ENERGY POTENTIAL AND NATURAL GAS ENERGY OUTLOOK 
 
3.1 ENERGY POTENTIAL FROM DAIRY COWS IN NEW YORK STATE 
 
Based on data from New York State Ag and Markets (2004), there are 
approximately 655,000 cows on over 7,000 farms in New York State. Although these 
numbers have decreased steadily over the past decade, as seen in Figure 3.1, dairy 
farming remains vital to New York’s economy. In 2004, over 12 billion pounds (lbs) 
of milk was produces with a value of $1.56 billion (New York State Agriculture 
Statistics Service, 2004). New York is the country’s third leading milk producer, with 
Wyoming County leading the state in terms of production.  
Based on data collected from AA Dairy in Candor, New York, a cow produces 
approximately 165 lbs of manure per day (Peranginangin and Scott, 2001).  If this 
manure is processed in an anaerobic digester, approximately 90 – 100 ft
3 per cow per 
day of biogas is produced, with a CH4 content of approximately 60 %. See Table 3.1, 
below for a summary of the CH4 potential from dairy manure.  
If every bit of manure from every cow in New York State is collected and 
digested, the CH4 potential from dairy manure is 39,300,000 ft
3/day or almost 14,000 
million ft
3/year, assuming each cow produces 100 ft
3 of biogas per day. Because it is 
unrealistic to assume that all the dairy manure will enter digesters, assumptions have 
to be made as to how much manure will actually be digested, depending on how many 
farms put manure into a digester and the efficiency of the manure collection system. 
If, for example, manure from half of the cows in New York State is collected and if  
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the barn scrape system is highly efficient (collecting manure from approximately 75% 
of the cows), CH4 potential for all of New York State is 14,737,500 ft
3/day. 
 
NYS Dairy Statistics (1993-2003)
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Figure 3.1: Data From New York State Dairy Statistics Annual Summary, 2003 
 
 
Table 3.1: Manure Production and Methane Potential of Dairy Manure 
  English Units  Metric Units 
Dairy Cow Manure 
Production 
165 lbs/cow-day  74.8 kg/cow-day 
Biogas Production by 
AD 
90-100 ft
3/cow-day  2.8 m
3/cow-day 
Methane Production 
(Assuming 60% by 
Volume) 
60 ft
3/cow-day  1.7 m
3/cow-day 
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3.2 ENERGY POTENTIAL OF DAIRY COWS IN THE UNITED STATES 
 
In 2002, the National Agricultural Statistics Service (NASS) estimated that 
there are approximately 9 million dairy cows in the United States. If all of the manure 
is collected and processed using anaerobic digestion, the CH4 potential from this waste 
is 540 million ft
3/day or over 197 billion ft
3/year.  
 
3.3 BIOGAS ENERGY POTENTIAL AND ITS NATUARL GAS EQUIVELENT 
3.3.1 INTRODUCTION 
 
With energy prices soaring and economic and geopolitical instability in the oil 
and natural gas market, interest in using biogas as an energy source has grown 
dramatically. Substantial amounts of time, effort and capital has been invested in 
creating economically and technologically efficient biogas to energy systems. In the 
United States, there are projects that utilize biogas from waste water treatment plants, 
landfills, and agricultural waste processing systems. In recent years, small distributed 
generation energy plants have emerged on dairy farms, such at the electricity 
generating system at AA Dairy in Candor, NY. DDI in Homer, NY has the potential to 
generate electricity from their biogas using microturbines, but has not done so to date. 
Technologies such as diesel engines and microturbines have been adapted and 
retrofitted to use dairy biogas. Many drawbacks to these technologies remain, 
however.  
One avenue that has not been studied extensively in the United States is 
obtaining pipeline quality natural gas from agricultural biogas. While several biogas 
processing plants exist in Western Europe, this remains a limited and underutilized 
technology in the United States.  
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3.3.2 WORLDWIDE NATURAL GAS OUTLOOK 
 
According to U.S. Department of Energy Information Administration (U.S. 
EIA), the demand for natural gas is the fastest growing primary energy source. 
Worldwide, natural gas consumption is projected to increase by 2.2% annually from 
2001-2025, or by nearly 70% between these years (Figure 3.2).  In comparison, coal 
and oil are expected to increase at a rate or 1.6% and 1.9%, respectively. Despite this 
high rate of increase in natural gas consumption, most regional reserves-to-production 
ratios have remained high. Worldwide, the reserves-to-production ratio is estimated at 
60.7 years (BP Statistical Review of World Energy, 2003).  
The most vigorous growth in natural gas demand is expected to in developing 
world, where projections predict an increase of 2.9% annually from 2001-2025. Most 
of the gas is expected to be used for generating electricity. In industrialized countries, 
consumption of natural gas is projected to increase at a rate of 1.8% per year from 
2001-2025, with the most substantial increase occurring in North America. 
In terms of production, the largest increase is projected for the Middle East, 
from 8.3 trillion cubic feet in 2001 to almost 19 trillion cubic feet in 2025. The 
industrialized nations are expected to lag behind in production, only producing 47 
trillion cubic feet in 2025 vs. 39 trillion cubic feet in 2001 (Worldwide Look at 
Reserves and Production, 2003.) 
Unless additional sources are located and developed or unless biogas 
processing plants emerge, the disparity between the increase in consumption in 
industrialized countries and the significantly smaller amount of gas produced will 
continue to grow. Thus, industrialized countries, including the United States, will have 
to rely heavily on other nations to provide natural gas. 
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Worldwide Natural Gas Consumption
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          Figure 3.2: Worldwide Natural Gas Consumption 
Data From EIA International Energy Outlook, 2004 
 
Because production is expected to exceed consumption in many developing 
nations in Africa, Asia and the Middle East and in the former Soviet Union, these 
regions will be a major source of natural gas to the rest of the world. To transport the 
gas between countries, many international pipelines are in the design and construction 
phase.  
Since the 1970’s, world natural gas reserves have trended upward each year 
and worldwide reserves were predicted to be 6,076 trillion cubic feet, 10% more than 
estimated for 2003 (Oil and Gas Journal, 2004). Most of the recently discovered 
proven reserves are found in the developing world. See Graph 3.3 for a summary of 
world natural gas reserves by region. 
 Projected 
    Historical   
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Figure 3.3: World Natural Gas Reserves by Region, 2003 
 
3.3.3 NATURAL GAS ENERGY OUTLOOK FOR THE UNITED STATES 
 
According to the American Petroleum Institute (API), natural gas storage 
levels are near record lows while the demand is growing (API, 2003) and the delicate 
supply/demand balance is being stressed. Although the United States (U.S.) holds only 
3.1% of the world’s natural gas reserves, it consumed more than any other country in 
2001, and its natural gas production was exceeded only by Russia’s. With production 
projected to grow more slowly than its consumption, it is expected that the U.S will 
import more natural gas, most of which is expected to be in the form of liquefied 
natural gas (LNG).   
Cooling natural gas to -260 °F at normal pressure results in the condensation of 
the gas into liquid form. LNG is relatively easy to transport, as it takes up about one 
six hundredth the volume of gaseous natural gas (International LNG Alliance, 2004). 
LNG is costly to produce, but advances in technology are reducing the costs 
associated with the liquification and regasification of LNG.   
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According to the EIA, the U.S. imported 0.17 trillion cubic feet (Tcf) of natural 
gas in the form of LNG in 2002. LNG imports are expected to increase at an average 
annual rate of 15.8%, to levels of 4.80 Tcf of natural gas by 2025. LNG is imported to 
the U.S via ocean tanker, with a majority coming from Trinidad, Tobago, Qatar, and 
Algeria. Additional shipments come from Nigeria, Oman, Australia, Indonesia, and 
the United Arab Emirates (Center for Liquefied Natural Gas, 2004).  
In the short term, although domestic natural gas production increased 0.5% in 
2003, additional supplies are limited and consumption is growing. In 2004, it is 
estimated by the U.S. Department of Energy Information Administration (U.S. EIA, 
2004) that production will increase 1% while demand increases by 1.3 %. This lagging 
production rate is due, in part, to government policies which have limited and 
discouraged the development and growth of domestic natural gas supplies. Natural gas 
wells, refineries and distribution systems take years to develop, so it is unlikely that 
domestic supplies will increase soon. Natural gas supplies in Canada, the biggest 
supplier to the United States, are becoming limited. 
As for the longer term supply outlook, it is estimated that the demand for 
natural gas will grow by 50% or more by 2025 (U.S. Department of Energy 
Information Administration, 2005). To accommodate this increase in demand, total net 
imports, mostly in the form of LNG,  are projected to supply 21 % of total U.S. natural 
gas consumption in 2010 (5.5 trillion cubic feet) and 23% in 2025 (7.2 trillion cubic 
feet), compared with recent historical levels of around 15 %.  
 
3.3.3.1 Natural Gas Prices in the United States 
 
Natural gas prices are measured at different stages of the supply chain. Prices 
are also measured for different end user groups such as residential, commercial and 
industrial. Prices at the wellhead (where the gas is extracted from) show high volatility  
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depending on weather and various market factors. In general, the main components of 
natural gas price are: 
-wellhead price (the cost of natural gas itself or commodity cost),  
-long distance transportation cost,  
-local distribution cost.  
In 2002, according to the EIA, wellhead price represented 34% of residential 
natural gas price, while transport accounted for 19% and distribution to customers 
47%. The largest share of the final price is made up by local distribution costs. See 
Graph 3.4 for residential, commercial and industrial local distribution natural gas 
prices in the U.S. over the past several years.   
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CHAPTER 
 
4.  GAS CHROMOTAGRAPHY 
   
4.1 INTRODUCTION TO GAS CHROMATOGRAPHY 
 
Gas chromatographs are the most widely used analytical instruments in the 
world (McNair, 1992).  The modern science of chromatography began at the turn of 
the 20th century when W. Ramsey used charcoal as an adsorbent to separate mixtures 
of gases and vapors. Russian botanist Michael Tswett, who separated plant pigments 
on a calcium carbonate column, is credited as being the “father of chromatography” 
because he coined the term and was the first to publish a paper describing the process. 
More recently, formative work on gas chromatography (GC) was conducted in 
the 1950’s, when A. Martin and his colleague A. James researched suggestions made 
11 years earlier by Martin himself in a Nobel Prize winning paper on partition 
chromatography (Gehrke et al., 2001). Their research demonstrated that GC analysis is 
simple, fast and applicable to separating many different compounds. The history and 
development of chromatography has been extensively explored and published by L. 
Ettre (Ettre, 1967). For more information, see Ettre’s following publications: 
Analytical Chemistry (1971), LC-GC (1990), Journal of Chromatography, Volume 
112, pg. 1-26 (1975).  
 
4.1.1 DEFINITION OF CHROMATAGRAPHY  
 
Chromatography is a separation process in which the components of a sample 
divide or partition between two phases. One of these phases is a stationary bed with a 
large surface area; the other is a gas which percolates through the stationary bed.   
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The International Union of Pure and Applied Chemistry (IUPAC) use the 
following definitions to describe the chromatographic process. “Chromatography is a 
physical method of separation in which the components to be separated are distributed 
between two phases, one of which is stationary (stationary phase) while the other (the 
mobile phase) moves in a definite direction” (Ettre, 1993).  
More specifically, chromatography involves a sample being dissolved in a 
mobile phase, which may be either a gas or a liquid. The mobile phase is then forced 
through an immobile stationary phase. The phases are designed so that components of 
the sample have differing solubility in each phase. A component which is soluble in 
the stationary phase will take longer to travel through the column than a component 
which is not as soluble in the stationary phase but very soluble in the mobile phase.  
As a result, sample components will separate from each other as they travel 
through the stationary phase. Chromatographic processes are named according to the 
physical state of the mobile gas (McNair, 1998). In gas chromatography (GC), the 
mobile phase is a gas, while in liquid chromatography (LC), the mobile phase is a 
liquid. According to the state of the stationary phase, a sub-classification is made. If 
the stationary phase is a liquid, it is gas-liquid chromatography (GLC) and if it is solid, 
the GC technique is called gas-solid chromatography (GSC). Of the two major types, 
GLC is more widely used by far.  
 
4.2  THE CHROMATOGRAPHIC PROCESS 
 
The general chromatographic process is as follows. In the column, the 
components of a sample, called solutes or analytes, are introduced into the mobile 
phase and carried through the system by it. However, as the mobile phase passes over 
and through the stationary phase, the components of the mixture partition, or 
equilibrate, between the two phases, resulting in different migration rates through the  
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system [Miller, 1987].  In other words, the components of the mixture are hindered in 
their passage through the column in proportion to their interaction with, or sorption on, 
the stationary bed.  
At any given time, a certain analyte molecule is either in the mobile phase, 
moving through the column, or in the stationary phase and not moving at all. The 
sorption-desorption process occurs many times as the analyte moves though the 
stationary bed. The time required to move through the bed depends mainly on the 
number of times the component of the sample is sorbed and held immobile. Separation 
results as the various components emerge from the bed at different times, known as 
retention times.  
Figure 4.1 is a schematic representation of the chromatographic process 
described above, where the separation of a sample composed of components A and B  
occurs in the column. The horizontal line represents the column and each line 
represents a snapshot of the process at a different time, with time increasing from top 
to bottom. In the first snapshot, the sample enters the column though an inlet and is 
then carried through the column by the mobile phase. Components A and B in the 
sample partitions between two phases, as demonstrated by the peaks above and below 
the line. Peaks above the line represent the amount of the component in the mobile 
phase, while the peaks below the line represent the amount in the stationary phase. 
As the schematic diagram illustrates, component A has a greater distribution in 
the mobile phase and is carried through the column faster than component B, which 
spends more time in the stationary phase. After leaving the column, the components 
pass through a detector and the output signal of the detector generates a 
chromatogram, shown on the right side of the figure. Note that the diagram shows how 
an individual peak broadens as it travels through the column. The extent of this 
broadening is a result of the kinetic processes at work during chromatography.  
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Figure 4.1: Schematic Representation of the Chromatographic Process  
 
4.3  INSTRUMENTATION OVERVIEW  
 
The main components of a gas chromatograph system include: carrier gas, 
flow controls, sample inlet and sampling devices, columns, controlled temperature 
zone or ovens, detectors and data acquisition systems. Figure 4.2 is a schematic 
representation of this system, showing the basic components of the system, including 
the injection point, columns, oven, detector and data recorder.  
 
 
 
Figure 4.2: Schematic of Gas Chromatography System 
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In general, a gas chromatograph functions as follows. An inert carrier gas, such 
as helium or nitrogen, flows from a large cylinder thorough the injection port, column 
and detector. The flow rate of the carrier gas is controlled to ensure reproducible 
retention times and to minimize detector noise [McNair, 1998].  The sample is 
injected, usually with a syringe, into the heated injection port. In the port, the sample 
is vaporized and carried into the column, typically a packed or capillary column. In the 
column, the sample partitions between the stationary and mobile phases and is 
separated into individual components based on relative vapor pressures and on relative 
solubility in the stationary liquid phase. 
After leaving the column, the carrier gas and sample pass through the detector 
or detectors. The detectors measure the quantity of various components in the sample 
and generates and electric signal. This signal goes to the data acquisition system, 
which generates a written record of the analysis, known as a chromatogram.  
 
4.3.1  CARRIER GAS 
 
The primary purpose of the inert carrier gas is to transport the sample through 
the column. It is the mobile phase and does not interact chemically with the sample. 
The secondary purpose is to provide a suitable matrix for the detector to measure the 
sample components. Different carrier gases are preferred for various detectors.  
For example, helium is the most popular carrier gas for the thermal 
conductivity detector (TCD). Hydrogen is used in some parts of the world where 
helium is expensive, but it is not recommended because of the potential for fire and 
explosions. With the flame ionization detector (FID), either nitrogen or helium may be 
used. Nitrogen provides more sensitivity than helium, but a slower analysis. Thus, 
tradeoffs often have to be made when selecting a carrier gas.   
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In addition, it is important that the carrier gas be of high purity because 
compounds such as water and oxygen can chemically combine with the stationary 
liquid phase in the column and destroy it. Trace amounts of water can desorb other 
column contaminants and produce high detector background noise or “ghost peaks” 
(McMaster, M., et. al, 1998).  In order to eliminate contaminants in the carrier gas, 
high purity gas can be purchased from a reputable company in gas cylinders.  
 
4.3.2 FLOW CONTROL AND MEASURMENTS 
 
The measurement and control of carrier gas flow is essential for both column 
efficiency and quantitative analysis. The most common measure of the efficiency of a 
chromatograph system is the plant number. Efficiency of the column depends on the 
proper linear gas velocity which can be determined by changing the flow rate until the 
maximum plate number is achieved.  
Though the optimal flow rates though a given column should be determined 
experimentally, typical flow values for various columns are: 75-90 mL/min for ¼ inch 
outside diameter (o.d.) packed columns, 25 mL/min for 1/8 o.d. packed columns and 
0.75 mL/min for an open tubular column. 
In order to determine the retention times of various components of a sample, it 
is necessary to have a constant and reproducible flow rate through the column. 
Comparison of retention times is the quickest and easiest method for compound 
identification. Two or more compounds may have the same retention time, but a 
compound can not have two different retention times. Thus, the retention time is a 
characteristic of an analyte, but is not unique.  
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4.3.3 SAMPLE INLETS AND SAMPLING DEVICES 
 
The sample inlet permits samples to be introduced into the carrier gas stream. 
To introduce the sample into the mobile phase, the most common injection method is 
using a microsyringe. The microsyringe is used to inject a sample through a rubber 
septum into a flash vaporizer port at the head of the column, which dissolves the 
sample. In order to ensure that the sample is dissolved, the temperature of the sample 
port is usually about 50
oC higher than the boiling point of the least volatile component 
of the sample. 
 
4.3.4 COLUMNS 
 
The column is the heart of the chromatography system, which determines the 
selectivity and the efficiency of the analyte separation. A column is a narrow tube 
packed with stationary phase, through which the mobile phase is forced. Through a 
process known as elution, the sample is transported through the column by continuous 
addition of mobile phase. The rate at which an analyte moves through the column is 
determined by the time it spends in the mobile phase.  There are two general types of 
columns, packed and capillary, also known as open tubular.  
 
4.3.4.1 Packed Columns 
 
Packed columns are typically made of stainless steel, being 2-10 feet in length 
and having outside diameters that range from 1/4 to 1/8 inch. Internal diameters 
usually range from 1/12 to 1/6 of an inch (Scott, R., 1997). In certain applications, 
where greater inertness is necessary, columns may be made from glass, nickel, 
Teflon® (fluorocarbon polymers) or steel that is lined with glass or Teflon®.  In some  
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applications, aluminum or copper material is used but is not generally recommended 
due to its reactivity.  
In packed columns, the stationary liquid phase is coated on a solid material 
support that is inert and has a high surface area. For most applications, diatomaceous 
earth (Chromosorb®) is the best solid support. See Table X.X for the general 
properties of packed columns. In general, packed columns are easy to make and use 
and they use dominated the industry until recently.  
 
4.3.4.2 Capillary Columns 
 
Capillary columns are not filled with packing material, allowing them to have 
an internal diameter of a few tenths of a millimeter.  Two types of capillary columns 
are commonly used today: wall-coated open tubular (WCOT) and support-coated open 
tubular (SCOT).  
In WCOT columns, the thin liquid stationary phase coats the inside wall of the 
.10-.50 mm fused silica tubing, glass or stainless steel that makes up the column 
(Miller, 1998). This type of column is hallow on the inside, thus reducing resistance to 
flow. Therefore, long lengths of up to 100 meters (328 feet) are possible, permitting 
efficient separation of complex, multi-analyte samples. Wall coated capillary columns 
provide the highest resolution of all GC columns. The film coating on the column 
varies from 0.1 to 5.0 micrometers and provides fast analysis at high resolution. See 
Table 4.1 for a comparison of packed and WCOT columns.  
In SCOT columns, the inner wall is lined with a thin layer of support material 
such as diatomaceous earth, onto which the liquid stationary phase has been adsorbed. 
SCOT columns are less efficient and used less frequently than WCOT columns while 
both types of capillary column are more efficient than packed columns. 
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Table 4.1: General Comparison of Packed and WCOT Columns 
Adapted from Miller, 1998 
Parameter  Typical 1/8” 
Packed Column 
Typical WCOT 
Outside Diameter  .125 inches 
(3.2 mm) 
0.157 inches 
(0.40 mm) 
Inside Diameter  0.086 inches 
(2.2 mm) 
0.009 inches 
(0.25 mm) 
Column Length  3.28 – 6.56 feet 
(1-2 meters) 
49.2 – 196.8 
feet                                
(15-60 meters) 
Flow  .0007 ft
3/min 
(20 mL/min) 
.00003 ft
3/min 
(1 mL/min) 
Advantages  Lower cost  Higher 
efficiency 
  Easier to make  Faster 
  Easier to use  More inert 
  Larger samples  Fewer columns 
needed 
  Better for fixed gases  Better for 
complex   
mixtures 
 
4.3.5 TEMPERATURE ZONE 
 
For an accurate analysis to occur, column temperature must be controlled to 
within tenths of a degree. The optimum column temperature depends upon the boiling 
point of the sample. Generally, a temperature slightly above the average boiling point 
of the sample results in an elution time of 2 - 30 minutes. Minimal temperatures give 
good resolution, but increase elution times. Programming the column oven, which 
surrounds the column and controls its temperature, is useful if a sample has a wide 
boiling range. For a sample with a wide boiling range, the column temperature is 
increased, either in steps or continuously, as the separation proceeds. 
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4.3.6 DETECTORS 
 
There is a wide variety of detectors used in GC analysis and most of the 
detectors were invented specifically for this technique. Detectors can be broken down 
into three broad categories. Non-selective detectors respond to all compounds in a 
given sample, ignoring the carrier gas. A selective detector responds to a ‘family’ of 
compounds that have a common pound only. From there, detectors are generally 
classified by the following categchemical or physical property, while a specific 
detector responds to a single comories: concentration vs. mass flow rate and 
destructive vs. non destructive. 
The concentration vs. mass flow rate classification system distinguishes 
between detectors that measure the concentration of the analyte in the carrier gas and 
detectors that measure the absolute amount of analyte independent of the volume of 
the carrier gas. If a detector is concentration dependent, the signal is related to the 
concentration of the solute in the detector and does not usually destroy the sample 
(non-destructive). In mass flow rate detectors, the signal is related to the rate at which 
the solute molecules enter the detector and the sample is usually destroyed 
(destructive). 
Three of the most common detectors used are the thermal conductivity detector 
(TCD), the flame ionization detector (FID) and the photoionization detector (FPD), as 
described below. 
 
4.3.6.1 Thermal Conductivity Detector 
 
The thermal conductivity detector (TCD) is usually used in GC analysis with 
packed columns, where samples are being analyzed for inorganics, such as H2O, CO, 
CO2 and H2. The TCD is a differential detector that measures the thermal conductivity  
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of the analyte in the carrier gas, compared to the thermal conductivity (TC) of the pure 
carrier gas.  The thermal conductivity of a substance is a measure of its capacity to 
conduct heat.  
Heat flows in a homogeneous body in the direction of the temperature gradient, 
from regions of higher temperature towards region of lower temperature, according to 
the first law of thermodynamics.  The rate of heat flow, or amount of heat that flows 
though a given cross section per unit time, is proportional to the area of the cross 
section and to the magnitude of the temperature gradient normal to this cross section. 
Thus in an idealized experimental situation in which the temperature varies only in the 
x direction, the rate of heat flow dQ/dt through an area A normal to the x axis is given 
by: 
 Q = kAT/L (4.1) 
where A is the cross sectional area, L is the length, T is the temperature difference and 
k is the coefficient of thermal conductivity  
A conventional detector has two to four cell cavities that are drilled into a 
stainless steel, each containing a filament or resistance wire. The filaments are usually 
mounted on holders or held in the cylindrical cavity concentrically, minimizing the 
cell’s volume.  The filaments are made of high resistance material, such as tungsten or 
a tungsten-rhenium alloy.  
In order to measure resistance, the filaments are incorporated into the 
Wheatstone circuit configuration.  See Figure 4.3. To create a temperature differential, 
a DC current is passed through the filaments to heat them above the cell block’s 
temperature. When carrier gas passes over all four filaments, the circuit is balanced 
with a “zero” control. When an analyte in the gas sample being tested elutes, the TC of 
the gas mixture in the cavities decreases, their filament temperature increases slightly, 
which causes the resistance of the filaments to increase substantially. The bridge  
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becomes unbalanced and a voltage develops across opposite corners of the bridge. 
That voltage is dropped across an attenuator, or voltage divider, and the signal is sent 
to a data collection system. After the analyte is eluted, the TC in the cavities return to 
their former value and the bridge returns to balance. 
To obtain accurate results with the TCD, the carrier gas must have a TC that is 
different from the TC of the samples being analyzed. The most common gases used 
are hydrogen and helium, because they have the highest TC values. See Table 4.2 for 
TC values for various compounds. 
 
 
Figure 4.3: Wheatstone Bridge Configuration 
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Table 4.2: Thermal Conductivities and TCD Values for Selected Compounds 
Adapted from Lawson and Miller, 1966 
Compound (Typical 
Carrier Gases) 
Thermal Conductivity, 
Relative to He = 100 
Argon  12.5 
Carbon Dioxide  12.7 
Helium  100.0 
Hydrogen  128.0 
Nitrogen  18.0 
Compounds Typically 
found in Natural Gas 
Thermal Conductivity, 
Relative to He = 100 
Ethane  17.5 
n-Butane  13.5 
n-Nontane  10.8 
i-Butane  14.0 
Cyclohexane  10.1 
Benzene  9.9 
 
4.3.6.2 Flame Ionization Detector 
 
The flame ionization detector (FID) is the most widely used detector in GC 
analysis, a specific property detector with high sensitivity. The response of the 
detector does not change noticeably with variations in flow rate, pressure or 
temperature of the mobile phase gas and thus, is a very stable detector. It has a linear 
response over a wide mass range, generally encompassing several orders of 
magnitude.   
The exact mechanisms of flame ionization are not known but multiple theories 
abound. For a discussion of early theories, see Sternberg et al., 1962, while a more 
recent discussion may be found in Sevcik et al, 1976. The general theory states that 
organic compounds eluting from the chromatograph’s column are swept into a flame 
that burns in a mixture of hydrogen and air within the detector jet. During this process 
the organic compounds are broken down into carbon fragments and acquire a positive 
charge (i.e., become ionized) from the surface of the jet, which serves as an electrode.  
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These ionized fragments are detected by a second electrode in the detector cell.  This 
second collector electrode is biased about 300 V relative to the tip of the flame and the 
current is amplified by a high impedance circuit (Grob, R., et al., 1995).  This signal is 
then sent to the data processing system.  
The FID responds to all organic compounds that burn in the hydrogen-oxygen 
flame and the signal is approximately proportional to the carbon content of the 
analyte. As water is produced in the combustion process, the detector must be heated 
to at least 125 C (257 °F) to prevent condensation of water and fully volatilize samples 
with high boiling points.  
 For efficient operation, the hydrogen and air must be pure and free of organic 
material that may increase background ionization, affecting the strength of the signal.  
Compounds that do not contain organic carbon do not burn and are not detected. In 
general, the advantages of FIDs are simplicity, high sensitivity, large linearity, and 
adaptability to all column sizes. See Figure 4.4.  
 
 
Figure 4.4: Schematic of Flame Ionization Detector 
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4.3.6.3 Flame Photometric Detector 
 
To determine the amount of phosphorus or sulfur in a sample, a flame 
photometric detector (FPD) may be used. Similar to the FID, the FPD combusts the 
effluent from the column in a hydrogen rich flame. The emitting species for sulfur 
compounds is excited S2, with a maximum wavelength of 394 nanometers (nm), while 
the maximum wavelength for phosphorus compounds is 526 nm. To selectively detect 
the sulfur or phosphorus compounds present in the sample, an interference filter is 
used between the flame and the photomultiplier tube (PMT) to isolate the appropriate 
emission band.  
The interference filter is used to isolate the visible and UV radiation emitted by 
the flame. Without this filter, large amounts of infrared radiation emitted by the 
flame's combustion reaction would heat up the PMT and increase its background 
signal. For a schematic diagram of a typical FPD, see Figure 4.5. 
 
Figure 4.5: Schematic Diagram of Flame Photometric Detector, SRI Catalogue 
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CHAPTER 
 
5.  EQUIPMENT AND METHODS FOR DETERMINING BIOGAS 
COMPOSITION 
 
5.1 INTRODUCTION TO DETEREMING DAIRY BIOGAS COMPOSITION AND 
VARIABILITY 
 
5.1.1  DANIEL CHROMATOGRAPH LOCATED AT DDI 
 
The GC located at DDI was manufactured by Daniel Measurement and 
Control, a company owned by Emerson Process. The GC, Daniel
® Danalyzer™ 
Models 570, was donated by NYSEG for project use under NYSERDA PON 668 to 
assist in the characterization of DDI biogas. The Daniel
® Danalyzer™ Models 570 
was made to analyze natural gas quality, calculating heating value, specific gravity 
and gas sample composition. The GC is fitted with columns and a TCD detector that 
can detect components listed in Table 5.1.  
In the unit, the GC oven is heated to a constant temperature (79C, 175 °F) and 
has a constant flow of carrier gas, usually high purity helium, flowing through it 
(Anders, 2000). The carrier gas transports the sample through the oven during the 
separation process. The oven contains four columns, three valves and a set of thermal 
conductivity detectors. The first valve is used to inject the sample into the system, 
while is second valve, known as the back flush valve, is used to prevent hexane and 
heavier components in the gas from flowing through columns two and three. The third 
value is used to trap the light components and allow the medium components of the 
sample to go to column three for separation.  
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Table 5.1: Daniel
® Danalyzer™ Models 570 Detection Ranges 
Component   Name  Detection Range 
C6+  Hexane and Heavier  0-0.7% 
C3  Propane  0-5% 
IC4  Isobutane  0-1% 
NC4  Normal Butane  0-1% 
NeoC5  Neopentane  0-1% 
IC5  Isopentane  0-1% 
NC5  Normal Pentane  0-1% 
N2  Nitrogen  0-15% 
CH4  Methane  0-100% 
CO2  Carbon Dioxide  0-15% 
C2  Ethane  0-15% 
 
Of the four columns in the oven, three are made of tubing with packing 
material inside that separates the gas into its different components. The fourth column 
acts as a buffer to keep the flow in the system steady.  
In order to determine the mole percentage of each component in the sample 
being analyzed, the GC consists of a set of identical TCDs, integrated in a bridge 
circuit. One of the two detectors is used as a reference and is only exposed to the 
carrier gas. The other detector, known as the measure detector, is exposed to both 
carrier gas and the separated components of the original sample. When carrier gas is 
flowing across both detectors at the same time, the bridge circuit is balanced and no 
signal is generated. When a component from the sample flows across the measure 
detector, the bridge becomes unbalanced and a signal is generated, amplified and sent 
to the controller. The signal is then integrated by the controller, which calculates raw  
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area by measuring the area under each peak. Each raw area is directly proportional to 
the component concentration in the sample.  
During instrument calibration, raw areas are divided by know calibration 
concentration areas to calculate the response factor of each component in the sample.  
Once the response factor is known, the mole percentage of a component in the sample 
can be determined. See equations 5.1 and 5.2, below. 
 
Response Factor   =  Raw Area/Calibration Concentration       (5.1) 
 
Mole % of Component = Raw Area/Response Factor               (5.2) 
 
In order to determine the Btu value of the gas sample, the controller normalizes 
the contents so that the summation of all mole percentages equal one hundred. After 
the mole percentage has been normalized, the controller multiplies each of the 
percentages by its corresponding Btu value. After obtaining the individual Btu values 
for each component, the controller calculates the summation of all components, thus 
calculating a total Btu value per cubic foot of gas.  
At DDI, the GC was being used to analyze DDI’s biogas for CH4, CO2 and N2 
using a TCD. The unit is not equipped with a FPD to detect and quantify sulfur 
compounds, so samples were brought back to Cornell University to use the SRI 
Instruments, Inc (SRI) chromatograph, which is described below.  
 
5.1.2 SRI CHROMATAGRAPH LOCATED AT CORNELL  
 
The gas chromatograph located in Riley Robb Hall at Cornell University was 
purchased from SRI with funding from NYSERDA. The GC, Model Number 8610C, 
is equipped with a thermal conductivity detector (TCD) to detect organic compounds,  
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a flame photometric detector (FPD) to detect sulfur compounds, and a flame ionization 
detector (FID) to detect hydrocarbons. The columns are packed with d-earth as the 
stationary phase.  
 
5.1.2.1 Thermal Conductivity Detector in SRI GC 
 
The TCD, commonly referred to as the “universal detectors because it detects 
all molecules, is commonly used for fixed gas analysis (O2, N2, CO and CO2 for 
example). The TCD consists of four filaments made out of tungsten-rhenium in a 
Wheatstone bridge configuration. Electric current flows through the filaments, causing 
them to heat up. Carrier gas, usually helium, due to its high thermal conductivity, 
flows across the filaments, removing heat at a constant rate.  
Two of the filaments are exposed only to carrier gas, while the other two are 
exposed to the carrier gas/sample. When a component of the sample gas with a lower 
thermal conductivity than the carrier gas exits the column and flows across the two 
sample filaments, the temperature of the filaments increase. This temperature increase 
unbalances the Wheatstone bridge and generates a signal that is noticed by the 
detector. For the characterization of biogas, this detector is used to identify and 
quantify CO2 and N2 in the samples.  
 
5.1.2.2 Flame Ionization Detector in SRI GC 
 
The FID responds to any molecule with a carbon-hydrogen (C-H) bond, but 
not at all to compounds such as H2S, N2 and CO2. According to SRI’s manufacture 
information, the FID response is very stable and is not susceptible to contamination 
from dirty samples or column bleed.  The FID located at Cornell University contains a 
ceramic igniter, which can run continuously, immediately re-igniting the flame even 
when presented with large water injections or pressure surges from column back flush.   
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Since the FID responds best to molecules with a C-H bond, the detector is used to 
quantify CH4 in biogas samples.  
 
5.1.2.2  Flame Photometric Detector in SRI GC 
 
The FPD at Cornell is equipped to detect sulfur compounds, such as H2S, 
down to approximately 200 ppb and phosphorus compounds to 10ppb. The FPD 
detector body is light-tight and a second flow of hydrogen purges the optical path 
between the photomultiplier tube (PMT) and the hydrogen-rich flame. A band pass 
filter (at 393nm for sulfur and 525nm for phosphorus) is mounted to the front of the 
PMT. Thus, only emissions from sulfur or phosphorus are detected while other 
wavelengths are rejected.   
While not 100% selective, the FPD is 100,000 times more sensitive to sulfur 
and phosphorus compounds than hydrocarbons and is used to detect and quantify 
sulfur compounds (primarily H2S) in biogas samples. The sulfur response is 
exponential, as twice the sulfur yields four times the peak area, while the phosphorus 
response is linear.    
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CHAPTER 
 
6.  BIOGAS CHARACTERIZATION STUDY RESULTS AND DISCUSSION 
 
6.1 INTRODUCTION 
 
To characterize the composition of dairy biogas, an experimental approach 
was used.  At DDI, a Daniel
® Danalyzer™ Models 570 Gas Chromatograph was 
installed to test the farm’s digester biogas for CH4 and CO2. Biogas samples from DDI 
were collected and analyzed at Cornell University using an SRI Model Number 8610C 
Gas Chromatograph for H2S. 
 
6.2 METHANE CONTENT OF BIOGAS USING GC ANALYSIS 
 
In the literature, the CH4 content in dairy biogas usually ranges from 55-60% 
(Krich et al., 2005). Due to stringent gas processing requirements necessary to use 
biogas in certain applications, including fuel cells and upgrading to natural gas quality, it 
is essential to know the specific composition of the farm’s biogas and its variability. For 
example, if the biogas on a specific farm ranges from 58-60% CH4, and is going to be 
upgraded to natural gas quality, which may require at least 95% CH4, the technology 
used to upgrade the biogas must be selected and sized accordingly.  
From the data collected at DDI during the months of July and August 2003, the 
lowest single CH4 percentage value recorded was 56.58, while the highest single sample 
value recorded was 62.64.  See Figure 6.1 for a graph of average daily CH4 values at 
DDI.  The highest CH4 daily average recorded was 61.69% while the lowest value was 
58.48%.   
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To determine the variability of DDI’s biogas CH4 content over the course of a 
24 hour period, sample data from the Danalyzer™ GC was broken down into four 
categories. 
Category 1: Midnight to Early Morning (12 AM – 5:59 AM) 
Category 2: Early Morning to Late Morning (6 AM – 11:59 AM) 
Category 3: Noon – Early Evening (12 PM – 4:59 PM) 
Category 4: Early Evening – Midnight (5 PM – 11:59 PM) 
 
See Table 6.1 and 6.2 for the CH4 values recorded by the chromatograph at 
DDI and a statistical summary of the data. 
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Figure 6.1: Average Daily Methane Content of DDI Biogas, July-August, 2003 
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Table 6.1: Methane Content of DDI’s Biogas over a 24 Hour Period
1 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Table 6.2: DDI Biogas Methane Content, Summary Statistics  
Category   Mean 
Standard 
deviation 
Sample 
Variance 
Standard 
Error 
1.  (12 am - 5:59 AM)  59.63  0.74  0.55  0.21 
2.  (6 AM – 11:59 AM)  60.34  0.88  0.78  0.24 
3.  (12 PM – 4:59 PM)  60.50  1.34  1.78  0.36 
4.  (5 PM – 11:59 PM)  59.57  0.85  0.72  0.23 
 
 
 
 
 
                                                 
1 ND indicates that data is not available  
  
1.  (12 am - 
5:59 AM) 
2.  (6 AM – 
11:59 AM) 
3.  (12 PM – 
4:59 PM) 
4.  (5 PM – 
11:59 PM) 
7/25/03  ND  ND  59.20  58.37 
7/26/03  59.69  60.92  60.45  59.75 
7/27/03  60.23  61.44  61.80  60.70 
7/28/03  61.00  61.90  62.54  61.32 
7/29/03  58.87  59.07  57.48  58.60 
7/30/03  59.52  61.06  61.83  60.16 
7/31/03  60.51  61.06  61.38  59.70 
8/1/03  60.22  61.42  61.45  ND 
8/4/03  ND  ND  61.90  60.23 
8/5/03  59.97  60.62  ND  ND 
8/8/03  ND  ND  59.33  59.44 
8/9/03  ND  60.08  ND  ND 
8/19/03  ND  59.35  59.14  58.31 
8/20/03  58.32  59.22  59.03  58.24 
8/21/03  58.72  59.57  60.66  59.51 
8/22/03  59.12  59.74  59.54  58.91 
8/23/03  59.13  60.08  60.38  59.40 
8/24/03  59.88  59.63  60.64  59.75  
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6.3 STATISTICAL ANALYSIS OF METHANE CONTENT IN DDI’S BIOGAS   
 
In order to determine if the variations in the CH4 content of DDI’s biogas is 
statistically significant, independent sample comparisons were made using the Mann-
Whitney test and the Kolmogorov-Smirnov Test. The Mann-Whitney test is used to 
test the null hypothesis that the two population distribution functions corresponding to 
the two  samples are identical against the alternative hypothesis that they differ.  The 
Kolmogorov-Smirnov test is used to decide if a sample comes from a population with 
a specific distribution. 
Non-Parametric tests are often used in place of their parametric counterparts 
when certain assumptions about the underlying data sets are questionable. For 
example, when comparing two independent samples, the Mann-Whitney test does not 
assume that the difference between the samples is normally distributed whereas its 
parametric counterpart, the two sample t-test does. Non-Parametric tests are often 
more powerful in detecting differences when certain assumptions are not satisfied.  
Non-parametric tests were used because DDI’s biogas composition data is not 
normally distributed.  
 
6.3.1 MANN-WHITNEY TEST DESCRIPTION 
 
The Mann-Whitney Test (U-test) is one of the most powerful of the non-
parametric tests for comparing two sets of data. It is used to test the null hypothesis 
(H0) that two populations have identical distribution functions against the alternative 
hypothesis (Ha) that the two distribution functions differ with respect to the median.  
A measure of central tendency, the median of a sample is the value for which one-half 
of the observations, when ranked, will lie above that value and one-half will lie below 
that value.  The U-test does not require the assumption that the differences between  
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the two samples are normally distributed. In many applications, such as this one, the 
U-test is used in place of the two sample t-test, when the normality assumption is 
questionable (Conover, 1980). 
To perform the U-test, the procedure is as follows (Sprent and Smeeton, 
2001): 
1.  Rank all observations in ascending (n1 + n2) order.  
2.  Calculate the sum of the ranks, Ta and Tb  
3.  Using Ta and Tb , calculate the U statistic,  
Ua = n1(n2) + .5(n1)(n1 + 1) - Ta or Ub = n1(n2) + .5(n2)(n2 + 1) - Tb where Ua + Ub = 
n1(n2).  
The test statistic, U, is the smaller of Ua and Ub. For larger sample sized (n>15), z can 
be normalized: 
z = [ U - E(U)] /   
where  
E(U) =.5(n1)(n2) and 
2 = [(n1)(n2)(n1 + n2 +1)]/12 
The critical value is the normal tabled z value for  /2 for a two-tailed test or z at   
level, for a one-tail test. 
 
6.3.2 KOLMOGOROV-SMIRNOV TEST DESCRIPTION 
 
For a single sample of data, the Kolmogorov-Smirnov Test (KS-test) test is 
used to test whether or not the sample of data is consistent with a specified distribution 
function. In this case, when there are two sets of data, the KS-test is used to test 
whether or not these two samples may reasonably be assumed to come from the same 
distribution. This test is used to determine if two datasets differ significantly. As with 
the U-test, the KS-test has the advantage of making no assumption about the  
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distribution of data.  The KS-test is based on the empirical distribution function 
(ECDF). Given N ordered data points Y1, Y2, ..., YN, the ECDF is defined as; 
 
 
 
where n(i) is the number of points less than Yi and the Yi are ordered from the smallest 
to largest value. This is a step function that increases by 1/N at the value of each 
ordered data point (Montgomery, D and Runger, G). 
For the KS-test, assume that F(x) and G(x) are the cumulative distribution 
functions of two data sets. The two-tailed test corresponds to the test of the difference 
between these two populations, and the null (H0) and alternative (Ha) hypotheses are 
as follows: 
H0: F(x) = G(x) for all values of x 
 
Ha: F(x) ¹ G(x) for at least one value of x 
 
The Kolmogorov-Smirnov test statistic is defined as  
 
 
 
where F is the theoretical cumulative distribution being tested. The hypothesis 
regarding the distributional form is rejected if the test statistic D is greater that the 
critical value.  
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6.3.2.1  Results of Mann-Whitney Test  
 
XLSTAT, a statistical software program, was used to conduct U-tests on 
DDI’s biogas in order to determine if there is a statistically significant difference in 
the CH4 composition of biogas over the course of a 24 hour period.  
 
Table 6.3: Results of U-Test 
  Z (observed 
value) 
Z (critical value)  Two-tailed p 
value 
Category 1 & 2  -1.912  1.960  .056 
Category 2 & 3  -0.436  1.960  .663 
Category 2 & 3  2.008  1.960  .045 
Category 1 & 4  -0.291  1.960  .771 
 
In the table above, Z (critical) is the value of the statistic under the null 
hypothesis for the probability 1-alpha/2, for the 2 tailed test. When Z (observed) is 
greater than Z (critical) in absolute value, the null hypothesis is to be rejected. The 
two-tailed p value is the probability under the null hypothesis to obtain a result as 
extreme as the observed result at the two tails of the distribution. The null hypothesis 
is to be rejected when the p value is lower than the alpha value. An alpha value of 0.05 
was used for these calculations. 
 
6.3.2.1.1 Mann-Whitney Test Conclusions 
 
Z (critical) value and the two-tailed p Comparing Category 1& 2 at a level of 
significance of alpha = 0.050, the decision is not to reject the null hypothesis that the 
samples are not different. Thus, the difference between samples is not significant. For  
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Category 2 and 3, the decision is to not reject the null hypothesis that the samples are 
not different. Thus, the difference between the samples is not significant. 
For Category 3 & 4, the Z (observed) value is larger than the value is less 
than the alpha value. The decision is to reject the null hypothesis that the samples are 
not different. The difference between the samples is significant.  The Z (observed) and 
Two-tailed p values for Category 4 and Category 1 support the decision not to reject 
the null hypothesis that the samples are not different.  The difference between the 
samples is not significant.  
Thus, the variation of methane content in DDI’s dairy biogas over a 24 hour 
period is not statistically significant.  
 
6.3.2.2  Results of Kolmogorov-Smirnov  
 
In order to determine whether or not two samples may reasonably be assumed to come 
from the same distribution, the KS-test was used, as described in Section 6.3.2. 
 
Table 6.4: KS-Test Results 
 
 
 
 
 
 
 
  D Value  p Value 
Category 1 & 2  0.183 
 
0.390 
 
Category 2 & 3  0.267 
 
0.587 
 
Category 2 & 3  0.524 
 
0.023 
 
Category 1 & 4  0.176 
 
0.972 
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To calculate the D and p values shown in the table above, a KS-test 
cumulative fraction plot was made. The KS-test uses the maximum vertical deviation 
between the two curves as the statistic D. Knowing the D value, it is possible to find 
the corresponding p value. The null hypothesis, H0, stating that the cumulative 
distribution functions of the two populations from which the samples are equal is 
rejected when the p value is lower than the alpha value. An alpha value of 0.05 was 
used for these calculations. 
 
6.3.2.2.1 Kolmogorov-Smirnov Test Conclusions 
  
Comparing Category 1 & 2 at a level of significance of alpha = 0.050, the 
cumulative distribution functions of the two populations from which the samples were 
taken are equal. Therefore, the KS-test suggests that the difference between the 
samples is not significant. For Category 2 and 3, the decision is to not reject the null 
hypothesis that the cumulative distribution functions of the two data sets are not 
different. The difference between the data sets is not significant. 
For Category 3 & 4, the p value is less than the alpha value. This suggests 
that the cumulative distribution functions of the two data sets are not equal and that the 
difference between the samples is significant.  The p values for Category 4 & 
Category 1 support the decision not to reject the null hypothesis that the samples are 
not different.  The difference between the samples is not significant.  
The variation of methane content in DDI’s dairy biogas over a 24 hour 
period is not statistically significant according to this statistical analysis. 
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6.4  CARBON DIOXIDE CONTENT USING GC ANALYSIS 
 
Carbon dioxide is the second most abundant constituent in biogas. In biogas 
produced by anaerobic digestion on dairy farms, CO2 content usually ranges from 38-
45%. For certain applications, CO2 must be removed from the biogas at it is not 
flammable and lowers the energy value of biogas. Pure CH4 has an energy value of 
approximately 1,000 Btu/ft
3, while biogas that is 60% CH4 and 40% CO2 has 600 
Btu/ft
3. From the data collected at DDI during the months of July and August, 2003, 
the lowest single sample CO2 value recorded was 34.86%, while the highest single 
sample value detected was 41.45%.  For a graph of average daily CO2 values, see 
Figure 6.6. The highest daily average of 40.75% and the lowest was approximately 
37%.  
To determine the variability of biogas CO2 content over the course of a 24 
hour period, sample data was broken down into four categories, as follows. 
1.  Midnight to Early Morning (12 AM – 5:59 AM) 
2.  Early Morning to Late Morning (6 AM – 11:59 AM) 
3.  Noon – Early Evening (12 PM – 4:59 PM) 
4.  Early Evening – Midnight (5 PM – 11:59 PM) 
See Table 6.5 and 6.6 for the CO2 values recorded by the chromatograph at 
DDI and a statistical summary of the data. 
 
 
 
 
 
  
 
69 
 
 
 
 
36.50
37.00
37.50
38.00
38.50
39.00
39.50
40.00
40.50
41.00
7/23/2003 7/28/2003 8/2/2003 8/7/2003 8/12/2003 8/17/2003 8/22/2003 8/27/2003
Date
C
O
2
 
P
e
r
c
e
n
t
a
g
e
 
Figure 6.2: Average Daily Carbon Dioxide Content of DDI Biogas, July-August, 2003  
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Table 6.5: Carbon Dioxide Content of DDI’s Biogas Over a 24 Hour Period 
  
1.  (12 am - 
5:59 AM) 
2.  (6 AM – 
11:59 AM) 
3.  (12 PM 
– 4:59 PM) 
4.  (5 PM – 
11:59 PM) 
7/25/03  ND  ND  39.67  40.15 
7/26/03  39.59  37.85  38.52  39.42 
7/27/03  39.00  38.01  37.30  38.39 
7/28/03  38.03  37.02  36.06  37.28 
7/29/03  40.18  39.91  39.72  40.30 
7/30/03  39.94  38.13  37.36  39.30 
7/31/03  38.96  38.13  37.98  39.74 
8/1/03  39.26  37.99  37.81  ND 
8/4/03  ND  ND  36.28  39.65 
8/5/03  39.96  39.32  ND  ND 
8/8/03  ND  ND  35.90  37.96 
8/9/03  ND  37.42  ND  ND 
8/19/03  ND  40.07  40.27  41.10 
8/20/03  40.28  39.13  39.17  40.04 
8/21/03  40.30  39.38  38.35  39.53 
8/22/03  38.97  38.53  38.59  39.17 
8/23/03  40.30  39.30  38.97  39.93 
8/24/03  38.42  38.59  37.63  38.47 
 
Table 6.6: Carbon Dioxide Content of DDI’s Biogas, Summary Statistics  
Category   Mean 
Standard 
deviation 
Sample 
Variance 
Standard 
Error 
1.  (12 am - 5:59 AM)  39.48  0.73  0.54  0.21 
2.  (6 AM – 11:59 AM)  38.59  0.87  0.76  0.23 
3.  (12 PM – 4:59 PM)  37.99  1.25  1.56  0.33 
4.  (5 PM – 11:59 PM)  39.31  0.96  0.93  0.27  
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6.4.1 STATISTICAL ANALYSIS OF CARBON DIOXIDE CONTENT IN DDI’S 
BIOGAS 
 
As with CH4, in order to determine if the variations in the CO2 content of 
DDI’s biogas over a 24 hour period are statistically significant, independent sample 
comparisons were made using the Mann-Whitney test and the Kolmogorov-Smirnov 
Test.  
 
6.4.1.1 Results of Mann-Whitney Test  
 
Statistical software program XLSTAT was used to conduct U-tests on DDI’s 
biogas in order to determine if there is a statistically significant difference in the CO2 
composition of biogas over the course of a 24 hour period.  
 
Table 6.7: Results of U-Test 
  Z (observed value)  Z (critical 
value) 
Two-tailed p 
value 
Category 1 & 2  1.283 
 
1.960 
 
.210 
Category 2 & 3  1.390  1.960  .165 
Category 3 & 4  -2.619 
 
1.960  .009 
Category 1 & 4  -0.485 
 
1.960  .627 
 
In the table above, Z (critical) is the value of the statistic under the null 
hypothesis for the probability 1-alpha/2, for the 2 tailed test. When Z (observed) is 
greater than Z (critical) in absolute value, the null hypothesis is to be rejected. The 
two-tailed p value is the probability under the null hypothesis to obtain a result as 
extreme as the observed result at the two tails of the distribution. The null hypothesis 
is to be rejected when the p value is lower than the alpha value. An alpha value of 0.05 
was used for these calculations.  
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6.4.1.1.1 Mann-Whitney Test Conclusions  
 
Comparing Category 1& 2 at a level of significance of alpha = 0.050, the 
decision is not to reject the null hypothesis that the samples are not different. Thus, the 
difference between samples is not significant. For Category 2 and 3, the decision is to 
not to reject the null hypothesis that the samples are not different. Thus, the difference 
between the samples is not significant. 
For Category 3 & 4, the Z (observed) value is larger than the Z (critical) 
value and the two-tailed p value is less than the alpha value. The decision is to reject 
the null hypothesis that the samples are not different. The difference between the 
samples is significant.  The Z (observed) and Two-tailed p values for Category 4 and 
Category 1 support the decision not reject the null hypothesis that the samples are not 
different.  The difference between the samples is not significant.  
According to this statistical analysis, the variation in carbon dioxide content 
of DDI’s dairy biogas is not statistically significant.  
 
6.4.1.2  Results of Kolmogorov-Smirnov Test  
 
In order to determine whether or not two samples may reasonably be 
assumed to come from the same distribution, the KS-test was used.  
 
Table 6.8: KS-Test Results 
  D Value  p Value 
Category 1 & 2  .446  .087 
Category 2 & 3  .333  .307 
Category 3 & 4  0.581  .008 
Category 1 & 4  0.247  .739 
To calculate the D and p values shown in the table above, KS-test cumulative 
fraction plot were made. The KS-test uses the maximum vertical deviation between 
the two curves as the statistic D. Knowing the D value, it is possible to find the  
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corresponding p value. The null hypothesis, H0, stating that the cumulative distribution 
functions of the two populations from which the samples are equal is rejected when 
the p value is lower than the alpha value. An alpha value of 0.05 was used for these 
calculations. 
 
6.4.1.2.1  Kolmogorov-Smirnov Test Conclusions 
 
Comparing Category 1 & 2 at a level of significance of alpha = 0.050, the 
cumulative distribution functions of the two populations from which the samples were 
taken are equal. Therefore, the KS-test suggests that the difference between the 
samples is not significant. For Category 2 and 3, the decision is to not reject the null 
hypothesis that the cumulative distribution functions of the two data sets are not 
different. The difference between the data sets is not significant. 
For Category 3 & 4, the p value is less than the alpha value. This suggests 
that the cumulative distribution functions of the two data sets are not equal and that the 
difference between the samples is significant.  The p values for Category 4 & 
Category 1 support the decision not reject the null hypothesis that the samples are not 
different.  The difference between the samples is not significant.  
The variation of carbon dioxide in DDI’s dairy biogas over a 24 hour period 
is not statistically significant, according to this analysis.   
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6.5 HYDORGEN SULFIDE CONTENT OF BIOGAS USING GC ANALYSIS 
 
To investigate the amount of H2S present in dairy biogas, an experimental 
approach was used.  Data from DDI and was collected and analyzed at Cornell 
University using a SRI GC, as described in Chapter 5. The GC has three detectors and 
the flame photometric detector (FPD) was used to detect sulfur compounds. 
In the literature, the H2S content in dairy biogas normally ranges from 1,000-
5,000 ppm. The amount of gas processing required to remove the H2S depends on the 
end use of the biogas. If the biogas is going to be used to power a diesel engine, as is 
the case at AA Dairy, the biogas is not processed to remove H2S. 
 If the biogas is to be used in a fuel cell or is going to be injected into a 
natural gas pipeline, H2S must be removed from the gas due to its corrosive and 
harmful properties.  For biogas to be suitable for pipeline injection, it must have less 
than 4 ppm of H2S.  
For certain applications, as with CH4 and CO2, because the biogas quality 
must meet certain composition requirements, it is essential to know the amount of H2S 
present in a farm’s biogas and its variability. If, for example, the H2S content of a 
farm’s biogas ranges from 1,500 ppm to 4,000 ppm, the technology used to clean the 
biogas must be selected and sized accordingly.  
 
6.5 PROCEDURE USED TO COLLECT AND ANALYZE BIOGAS FOR 
HYDORGEN SULFIDE 
 
In order to test DDI’s biogas for H2S, samples were collected from the farm 
and brought to Cornell for testing because the GC at DDI was not equipped with a 
FPD, which detects sulfur compounds in a gas sample. To obtain the samples, 1 Liter 
HandyGrab™ Tedlar sampling bag were used to collect the samples from a gas port 
located on the gas line leading into DDI’s iron oxide removal system. After collection,  
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the bag was sealed and promptly brought back to Cornell for analysis in the SRI GC. 
Tedlar sampling bags were used because they are tough, chemically inert with low 
permeability and reusable when purged before each use.  
To prevent light from affecting the gas sample, the bags were kept out of 
direct sunlight. From each Tedlar bag, three 0.10 ml samples were extracted using a 
syringe and injected in to the GC’s port and enters the column. Effluent from the 
column was then combusted in the FPD’s hydrogen flame. A band pass filter, at 
393nm for sulfur, is mounted to the front of the PMT, so only emissions from sulfur 
compounds are detected while other wavelengths are rejected. 
The FPD generates an electric signal based on the quantity of sulfur in the 
sample. This signal goes to the data acquisition system, which generates a 
chromatogram. On this chromatogram, H2S can be identified by the peak generated at 
a resident time (RT) that is specific to H2S. The resonance time for H2S is 
approximately 1.7 minutes. Based on the area under the curve generated at a RT of 1.7 
minutes, the amount of H2S in the sample was determined.  
 
6.5.1 Results of DDI Biogas Analysis for Hydrogen Sulfide 
 
See Table 6.9 for the H2S values detected by the SRI chromatograph using the 
sampling and testing procedures described above. Table 6.10 is statistical summary of 
the data. 
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Table 6.9: Hydrogen Sulfide Content of DDI’s Biogas 
Date Collected  H2S (ppm) 
7/7/2003  2738 
  2632 
  2634 
7/8/2003  3111 
  2850 
  3037 
7/10/2003  2698 
  2272 
  1947 
7/15/2003  2501 
  2142 
  2092 
7/25/2003  2103 
  2213 
7/29/2003  2623 
  2495 
  2547 
7/31/2003  2512 
  2199 
  2347 
8/4/2003  1930 
  1520 
  1473 
8/5/2003  2653 
  2712 
  2734 
8/12/2003  1535 
  1478 
  1511 
8/14/2003  1686 
  1933 
  1592 
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Table 6.10: Hydrogen Sulfide in DDI’s Biogas, Summary Statistics 
Date 
Average H2S 
(ppm)  Standard Deviation 
7/7/2003  2,668  61 
7/8/2003  2,999  135 
7/10/2003  2,306  377 
7/15/2003  2,245  223 
7/25/2003  2,158  78 
7/29/2003  2,555  64 
7/31/2003  2,353  157 
8/4/2003  1,641  251 
8/5/2003  2,700  42 
8/12/2003  1,508  29 
8/14/2003  1,737  176 
 
6.6 BIOGAS COMPOSITION SUMMARY 
 
The results of the compositional analysis of DDI’s biogas correspond with 
the numbers found in the literature. Dairy biogas is approximately 60% methane, 40% 
carbon dioxide with hydrogen sulfide levels usually ranging from 1,000 to 3,000 ppm, 
but may be 5,000 ppm or higher.  The statistical analysis of the biogas data suggests 
that the composition of dairy biogas does not vary much within a 24 hour period and 
that this variation is not statistically significant.  
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CHAPTER 
 
7.  TECHNICAL FEASIBILITY OF UPGRADING BIOGAS TO NATURAL GAS 
QUALITY 
 
7.1 INTRODUCTION 
 
Biogas from anaerobic digestion consists primarily of CH4 and CO2. Other 
compounds often present in biogas are O2, N2, H2S and water vapor. In order for 
biogas to be transformed into natural gas, it must undergo two major processes: 
·  A cleaning process, in which hazardous, trace components are removed. 
·  An upgrading process, in which the Wobee index and calorific value are adjusted 
to meet pipeline specifications. 
The two major gas processing steps are not always independent of each other. 
Some membrane separation processes, for example, remove H2S as well as CO2.In 
addition to the above, the gas must be odorized before entering the natural gas grid.  
The type and extent of gas processing depends on the specific composition of the 
biogas. The specific composition of the biogas coming out of the anaerobic digester 
depends mainly on the characteristics of the feedstock entering the digester and the 
digestion process itself.  
  This chapter discusses how biogas composition compares with that of natural 
gas and describes processes that are capable of upgrading agricultural biogas to 
pipeline quality.  
 
 
 
  
 
79 
7.2 GAS CHARACTERISTICS: A COMPARISON OF BIOGAS AND NATUAL    
GAS  
 
In order for biogas to be injected into a natural gas pipeline, it must meet 
specific standards. Table 7.1 shows the composition and physical properties of natural 
gas and biogas. Methane is the main component of both gases; the main difference is 
the higher CO2 and H2S content in biogas. For the purpose of this chapter, it is 
assumed that dairy biogas is 60% CH4, 38% CO2, 2% N2 with trace amounts of H2S 
(3,000 ppm) and NH3 (100 ppm). 
 
Table 7.1: Physical Properties of Natural Gas and Biogas 
Adapted from Jensen and Jensen, 2000 
Constituent or 
Property 
Percentage/Unit  Natural Gas  Biogas 
CH4  Vol %  90-95  55-70 
CO2  Vol %  .6  30-45 
H2S  ppm  ~1  500-3000 
N2  Vol %  .32  0-2 
C2C6 (Ethane)  Vol %  5  0 
C3H8 (Propane)  Vol %  2  0 
C4H10 (Butane)  Vol %  1  0 
C5+  Vol %  .3  0 
NH3  ppm  0  ~100 
Water Dew Point 
oF  <23  Saturated 
Net Calorific Value  Btu/ft
3  1000  600 
Wobbe Index (W)  Btu/ft
3  1070  600 
 
The Wobbe Index is the best indicator of the similarity between natural gas and 
biogas, indicating the ability of the gases to be interchanged. It characterizes the gas in 
a manner that is useful for blending fuel gases, or to obtain a constant heat flow from a 
gas with variable composition. Only gases with a similar Wobbe index can substitute 
each other and distribution of biogas into the natural gas network is limited by the 
difference in Wobbe index. Generally, upgraded biogas, or synthetic natural gas 
(SNG), is considered compatible with natural gas if its Wobbe Index is within +/- 10%  
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of the Wobbe Index of natural gas. By removing CO2, the Wobbe index of biogas can 
be increased to that of natural gas quality. Because of its corrosive and hazardous 
properties, H2S must also be removed before biogas can be introduced to a natural gas 
pipeline.  The Wobbe Index is defined as: 
 
Wobbe Index = Calorific Value of Gas/Specific Gravity of Gas 
 
For further information, see International Organization for Standardization 
(ISO) Publication 6976, entitled “Natural gas -- Calculation of calorific values, 
density, relative density and Wobbe index from composition.” Table 7.2 displays the 
average daily calorific value (Btu/ft
3) of biogas produced at Dairy Development 
International (DDI) collected during July and August, 2003. The data below suggests 
that biogas Btu value is variable, ranging from 597 Btu/ft
3 to 625 Btu/ft
3. 
 
Table 7.2: Average Daily BTU Value in DDI’s Biogas 
Date  BTU Value 
7/25  597 
7/26  598 
7/27  609 
7/28  615 
7/29  614 
7/30  609 
7/31  612 
8/1  622 
8/4  625 
8/5  619 
8/8  617 
8/9  624 
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Although natural gas companies have gas processing requirements that vary 
slightly, natural gas or upgraded biogas must meet the following requirements (Kohl 
and Neilsen, 1997) in order to be acceptable for injection into the natural gas grid: 
 
·  CH4 > 95 % 
·  CO2 < 2 % Volume 
·  H2S < 4 ppm 
·  H2O < 1 x 10
-4 kg/MM scf 
·  >3000 kPa Pressure (30 Bars) 
 
7.3 GAS PROCESSING: ADJUSTING BIOGAS QUALITY TO PIPELINE GAS 
QUALITY  
 
In order to be distributed into the natural gas network, biogas must be 
transformed into substitute natural gas (SNG), also known as synthetic natural gas, 
through cleaning or purification (H2S removal) and upgrading (CO2, N2 and H2O 
removal). Desulphurization is necessary to prevent corrosion and avoid toxic H2S 
concentrations while removal of CO2 is required because it dilutes the energy content 
of the biogas and increases the temperature needed for combustion. Because biogas is 
often saturated with water vapor, water must be removed to prevent the accumulation 
of condensate in the gas line and prevent the formation of acid solution when H2S is 
dissolved in the gas.  Furthermore, the SNG must be odorized and pressurized before 
it is added to the natural gas grid.  
In some cases, the processed biogas may not have to meet the pipeline 
specifications precisely, as it may be blended with natural gas to meet pipeline gas 
quality specifications (Hagen et al., 2001). The gas quality of the mixture of processed 
biogas and natural gas downstream of where the upgraded gas enters the pipeline is a 
function of:  
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·  Natural gas composition 
·  Processed gas composition 
·  Ratio between the flow of natural gas and processed gas 
For example, if the calorific value or Wobbe index of the natural gas is higher 
than the minimum pipeline requirements, lower Btu processed biogas may be 
“blended”. If this blending technique is used, gas processing costs may drop 
substantially.  
An alternative to putting SNG into the natural gas line is adding the gas into a 
network that is separate from the natural gas grid. In Revninge, Denmark and 
Gothenburg, Sweden, biogas is distributed in a “closed biogas” networks or “town 
gas” network. In Revninge, 35 tons of manure slurry and 5 tons of other biomass 
material enter a digester, producing 822 m3/day of biogas (BIOSCAN, 2004). This 
biogas network is separate from the natural gas grid and is used to heat homes and 
produce heat and power using gas engines. The biogas in these systems is cleaned for 
H2S removal and is often referred to as “medium” Btu biogas. 
 
7.3.1  BIOGAS PURIFICATION: REMOVING HYDROGEN SULFIDE  
 
H2S is always present in biogas generated from the digestion of agricultural 
waste/manure, although concentrations vary.  Proteins and sulfur containing materials 
in the waste entering the digester produce H2S during the digestion process.  H2S is 
corrosive because it dissociates to form a weak acid which may damage furnaces and 
other gas handling equipment (Kemmer, 1979). In addition, the burning of gas with 
high H2S yields sulfur oxides (SOx) and nitrogen oxides (NOx) in engine and boiler 
exhausts, contributing to air pollution.   
Biogas collected from several farms in the Central New York area and 
analyzed at Cornell University using a gas chromatograph suggest that dairy biogas  
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varies widely, ranging from less than 1,500 ppm to over 3,000 ppm.  See Table 6.9 
and Table 6.10 for H2S data collected from DDI. 
Because H2S is extremely reactive with most metals and even more so under 
pressure and elevated temperature, H2S should be removed from the gas stream as 
early in the treatment process as possible. H2S is extremely toxic, and is corrosive to 
metals such as iron, zinc, copper, lead and cadmium. It reacts with water to form 
sulfuric acid that corrodes lead-based paint, concrete, metals and sewer lines. Below, 
several options for H2S removal are discussed, along with their primary strengths and 
weaknesses. 
 
7.3.2   H2S REMOVAL USING METAL OXIDES AND HYDROXIDES 
 
Several dairies in the United States, including DDI, use iron oxide systems to 
remove H2S from the biogas stream. The most well know is an iron oxide (Fe2O3) 
media called “iron sponge”, but recently, proprietary iron oxide products such as 
SulfaTreak and Media G2 have offered alternatives to the iron sponge.   
In an iron sponge system, iron oxide impregnated wood chips are used to 
interact with H2S and mercaptans (a sulfur containing organic compound with the 
general formula RSH, where R is any radical). Generally, the solid phase iron oxide 
granules are packed in a circular reactor vessel and biogas is fed into the top of the 
reactor. H2S in the biogas stream reacts with the iron oxide granules to form insoluble 
iron sulfide. This reaction is slightly endothermic and the optimal reaction occurs 
around 25-50 C (77-122 °F).   The chemical reactions involved are shown below 
(from Crynes, 1978): 
 
Fe2O3 + 3 H2S ￿ Fe2S3 + 3H2O                                ￿H = -22.0 kJ/g-mol H2S (7.1) 
Fe2S3 + O2 ￿ Fe2O3 + 3S2    ￿H = -198.0 kJ/g-mol H2S (7.2)  
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Equation 7.1 demonstrates that one kg of Fe2O3 removes .64 kg of H2S, while 
equation 7.2 represents the highly exothermic regeneration reaction of Fe2O3 and the 
formation of elemental sulfur when exposed to oxygen, or air.  
Wood chips covered with iron oxide are attractive for H2S removal due to the 
large surface to volume ratio of the chips; approximately 20 grams of H2S can be 
bound per 100 grams of iron oxide wood chips. Iron oxide pellets, with the highest 
surface to volume ratio, are able to remove up to 50 grams of H2S per 100 grams of 
pellets (IEA BioEnergy, Task 24, 2001).  
On a 300 cow dairy in Cooperstown, NY, Vetter et al., (1990), reported that 
removal rates up to 1.84 kg H2S/kg Fe2O3 were achieved by continuously feeding a 
few tenths of a % of oxygen into the gas stream. To calculate the % air recirculation 
needed for best performance, equation (7.3) may be used: 
 
% Air Recirculation Required = 1.90 + (mg/m3 of H2S measured)/3024 (7.3)   
 
In addition to being effective at removing H2S from a gas stream, iron oxide 
coated materials are relatively low in cost and may be regenerated a limited number of 
times by using air to oxidize the iron sulfide formed on the material, producing iron 
oxide and elemental sulfur. However, with each regeneration, the efficiency of the 
media decreases substantially. The media eventually becomes clogged with elemental 
sulfur and must be replaced.  During regeneration, it is crucial that head buildup is 
managed in order to prevent combustion of the media and maintain activity.   
For continuous biogas cleaning, two reactor vessels may be installed so one 
can be used while the other is receiving routine maintenance, media regeneration or 
media replacement. Key disadvantaged of using Fe2O3 to remove H2S from include 
high operation costs due to frequent media changes and the continuous stream of spent  
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media that must be disposed of, sometimes as a hazardous waste.  For a detailed 
description of different metal oxides and hydroxides used for H2S removal, see 
Removal of Hydrogen Sulfide from Biogas (Tyler, 2003). 
 
7.3.3  H2S REMOVAL USING ACTIVATED CARBON 
 
H2S can be adsorbed onto activated carbon, an amorphous substance, which 
can be either regenerated or replaced after H2S saturation. Activated carbon is often 
impregnated with potassium iodide (KI), potassium hydroxide (KOH) or sulfuric acid 
(H2SO4) to increase the reaction rate.  For impregnated activate carbon, loading rates 
of 20-25% by weight can be achieved, compared with 10% for granular activated 
carbon (GAC). Oxygen is needed to facilitate the conversion of H2S to elemental 
sulfur and is usually added as air. The chemical reaction is: 
 
2H2S + O2 = 2S + 2H20 
 
The optimal reaction occurs at a pressure of 700-800 kPa (7-8 Bar) and a 
temperature of 49-71 C (120-160 °F). Thus, compression of the biogas is necessary for 
these systems. The process, which is regenerable, is usually designed to have an 
operating time of 4,000 to 8,000 hours (IEA Bioenergy, 2001).  If the carbon is to be 
regenerated, this is usually done with an inert gas such as hot nitrogen or steam. The 
sulfur is vaporized and liquefies after cooling. As with system that utilize metal 
oxides, two reaction vessels are required for continuous biogas cleaning.  
In an article published in Journal of Power Sources, Spiegel et al., (2000), 
discuss the results they obtained by using anaerobic digester gas to power a fuel cell. 
To remove H2S from the system, a non regenerable KOH activated carbon bed was 
used. Oxygen was added at 0.3-0.5% by volume, and removal efficiencies of 98% or  
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more were reached. A loading capacity of .51 g S/g carbon was reported, which is 
substantially higher than the reported range of 0.15-0.35 g S/g carbon reported in the 
literature.  
 
7.3.4  H2S REMOVAL BY OXIDATION WITH AIR 
 
Biological desulphurization is a technique that is frequently used in 
Scandinavia and Western Europe to remove H2S from digester biogas is but not a 
common method in the United States.  Desulphurization of biogas can be performed 
by micro-organisms in the digester. Most of organisms belong to the Thiobacillus 
family and are autotrophic, using the CO2 in the digester to supply their carbon needs. 
The organisms oxidize sulfide to form elementary sulfur and sulfate, which is 
deposited on the sides of the digester. 
For this oxidation to occur, stoichiometric amounts or air (2-5%) must be 
added to the head space of the digester. % removal of H2S by these organisms depends 
on several factors, including digester temperature, reaction time, and the amount and 
location of air injection. If done properly, H2S concentration in the biogas can be 
reduced by 95% to less than 50 ppm. Special precautions must be taken to avoid 
overdosing of air because at 6% to 12%, biogas is explosive in air. 
In a successful full scale experiment at the Fangel Plant located in Denmark, 
the H2S of the biogas was reduced significantly by adding 5-10% air to the biogas in a 
cleaning unit separate from the anaerobic digester (Hagen et al., 2001). The cleaning 
unit was a filter vessel filled with plastic carriers and a liquid consisting of gas 
condensate and liquid effluent slurry that was recirculated over the filter (Lindboe, 
1995). Operating at 35 C (95 °F) H2S is biologically converted to elemental sulfur, 
which was retained in the liquid in the filter.   
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Biological desulphurization demonstrated its ability to remove a large 
percentage of H2S in a biogas stream. Although this method is cheaper than chemical 
cleansing, there are several limitations. If pipeline quality gas is the goal, further 
treatment is necessary to bring H2S levels to <4 ppm. Additionally, the added air may 
conflict with pipeline specifications for oxygen and nitrogen content and may have to 
be removed later in the gas upgrading process (Danish Bioenergy, 1999). 
 
7.3.5  IN-SITU REDUC TION OF H2S 
 
By the addition of iron chlorides, oxides and phosphates, H2S can be treated in 
the digester itself. The sulfide either reacts with metal ions to form an insoluble metal 
sulfide, or is oxidized to elementary sulfur.  Typically, iron chloride (FeCl2) is added 
to the manure slurry before it enters the digester, where it, in the form Fe
2+, reacts with 
sulfide ions to form iron sulfide, FeS (Krich et al., 2005)..  By adding iron chloride to 
the digester, H2S levels can be reduced from 3,000 ppm to 100-150 ppm.  This method 
is effective as a partial removal process for removing H2S from the biogas stream, but 
must be used in conjunction with another technology for further H2S removal if the 
biogas is to be injected into the natural gas pipeline.  
McFarland and Jewell (1989) studied the effects of digester pH and the 
addition of iron phosphate directly to the digester. Their research suggests that 
increasing the digester pH from 6.7 to 8.2 through the addition of phosphate buffers 
reduced the H2S concentration in the biogas from 2,900 ppm to 100 ppm. This pH 
adjustment increases the soluble sulfide concentrations in the digester from 18 to 61 
mg/l. If soluble sulfide levels reach 120 mg/l or more, CH4 production is inhibited. As 
with the addition of iron chloride to the digester, this method for reducing H2S in the  
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biogas must be used with another removal technology in order to bring H2S levels 
down to 4 ppm or less, making the gas suitable for pipeline injection.  
 
7.3.6  BIOLOGICAL H2S REMOVAL TECHNIQUES  
 
Interest in biological H2S removal technology has grown in recent years and 
there are several companies throughout the world that specialize in this area.  
Currently, biological processes employ bacteria such as Thobacillus, Beggiota and 
Thiothrix to metabolize H2S, removing it from the biogas. The biochemical reactions 
that occur by the sulfur oxidizing microorganisms are: 
 
2H2S + O2                 2 H2O + 2 S 
 
H2S + 2 O2              H2SO4 
   
In most biological systems, before microbial oxidation can occur, it is 
necessary to transfer H2S from the biogas to the biomass, which is contained in the 
liquid phase. This transfer of H2S proceeds according to Henry’s Law, where the 
fraction of dissolved gas in the liquid phase is proportional to the partial pressure of 
the component in the gas phase.  
Nishimura and Yoda (1997) developed a biological treatment process for 
removing hydrogen sulfide from anaerobic biogas using a bio-scrubber. The treatment 
process is composed of a gas/liquid contact tower and an aeration basin. The biogas 
from an anaerobic wastewater treatment plant was introduced into a multiple-bubble-
tray contact tower (bio-scrubber) and scrubbed with activated sludge liquid from the 
aeration tank. The liquid sludge containing sulfides was then returned to the aeration  
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tank, where the sulfide was oxidized to sulfate by sulfur-oxidizing bacteria such as 
Thiobacillus.  
The contact tower was designed to be air tight in order to prevent air from 
mixing into the biogas. A simulation model was developed by the authors, 
incorporating input parameters such as influent hydrogen sulfide concentrations, gas 
flow rates, and gas/liquid ratios to calculate effluent gas concentrations from the 
contact tower. Using the simulation model, design criteria were calculated and a full-
scale plant for treating biogas from a potato processing wastewater plant was 
constructed. The data shows that the hydrogen sulfide in the biogas was effectively 
reduced from 2,000 ppm to less than 20 ppm. 
In 2003, a full-scale biological system consisting of a stable biofilm capable of 
removing H2S from a paper mill’s wastewater treatment biogas was developed on the 
packing surface of a biological scrubber (Pierkiel and Lanting, 2004). The H2S 
concentration of the biogas from the wastewater treatment plant ranged from 4,000 to 
10,000 ppm. In this system, biogas from the digester was delivered in an upward 
direction through each biological scrubber. To provide oxygen for H2S oxidation, air 
was dosed into the biogas upstream of the biological scrubbers. A suspension of sulfur 
oxidizing bacteria was delivered to each reactor sump at the startup of operation.  
To promote biofilm growth, biomass was delivered to the packing media’s 
surface using liquid circulated from the sump in the bottom of the reactor through 
irrigation nozzles. The same irrigation circuit was used to remove accumulating 
sulfuric acid and supply the bacteria with necessary nutrients. The irrigation liquid 
trickled down, in countercurrent fashion back to the reactor sump. Using this setup, 
with the startup taking 14 days, H2S removal efficiencies exceeded 97%.  
For additional discussion of H2S removal by biological systems, see Removal 
of Hydrogen Sulfide from Biogas Using Cow Manure Compost (Zicari, 2003).  In his  
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thesis, Zicari demonstrates that initial testing of cow manure compost indicates that it 
has the potential to effectively and economically remove H2S from dairy biogas. For a 
majority of the experiments conducted by Zicari, H2S removal efficiencies of over 
80% were observed. 
 
7.4  BIOGAS UPGRADING: CARBON DIOXIDE REMOVAL  
 
Presented below in Table 7.3 are four common methods used in commercial 
and industrial applications to remove carbon dioxide from biogas. Although the 
technologies described below remove a portion of the H2S from the biogas stream, 
additional processing is often necessary to lower H2S concentrations to acceptable 
limits for pipeline injection. 
 
Table 7.3: Common Methods Used to Remove Carbon Dioxide from Biogas 
 
7.4.1  WATER AND POLYETHYLENE GLYCOL SCRUBBING 
 
Absorption, the taking in or soaking up of one substance into the body of 
another by molecular or chemical action, is often used to remove impurities from a 
variety of gas streams, including natural gas. Pressurized water absorption is probably 
the most commonly used method for separating out CO2 in industrial applications and 
it can be used to separate out H2S and NH3 from biogas as well.  
Separation Method  Method Description  Separation effect 
Absorption using Water  Pressurized water 
scrubbing  CO2 dissolves in water 
Absorption using 
Chemicals 
Scrubbing in a chemical 
liquid 
Chemical reaction 
between CO2 and 
chemical 
Adsorption  Pressure Swing 
Adsorption 
CO2 retained in carbon 
molecular sieve 
Membrane Separation  Gas separation in fine 
membranes 
Different membrane 
permeability for CO2 
and CH4  
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If there is a high H2S concentration in the biogas, which is often the case in 
dairy biogas, a pre-separation procedure to remove percentage of the H2S should be 
implemented because high levels of H2S can augment in the water/fluid and cause 
problems (City of Gothenburg, Sweden, 2002).  
 
7.4.1.1 Water Scrubbing 
 
Since both CO2 and H2S are more soluble in water than methane, water 
scrubbing is often used to remove both gases. CO2 and H2S removal can be achieved 
by passing pressurized biogas through a water spray or column so counter current 
absorption takes place. The scrubber effluent, which exits the column with absorbed 
CO2 and H2S, can be regenerated and reused by stripping the effluent with "clean" air 
in a similar column.  If the biogas contains high levels of H2S, regenerating and 
reusing the water is not recommenced because the water will be contaminated with 
elemental sulfur (Kayhanian and Hills, 1998). See Figure 7.1 for a schematic of a 
typical system to upgrade biogas using water scrubbing without regeneration (Hagen 
et al., 2001). 
 
 
Figure 7.1:  Upgrading of Biogas Using Water Scrubbing 
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7.4.1.2 Polyethylene Scrubbing 
 
Polyethylene scrubbing, like water scrubbing, is a physical absorption process 
in which Selexol (trades name fordimethylether or polyethylene glycol) is often used 
as a solvent. As with water, both CO2 and H2S are more soluble in Selexol than CH4. 
In a Selexol system, CO2 is absorbed in a circulating solution at elevated pressure. 
Cleaned biogas is compressed and fed into the bottom of the column. Seloxol is fed in 
at the top of the column in order to achieve gas-liquid counter current flow. Most 
columns contain packing material to provide a large surface area for gas-liquid 
contact.  
A drawback to this process is that CH4 is partly soluble in pressurized Seloxol 
solution; thus some CH4 will be removed. To reduce the loss, the Selexol solution may 
be depressurized in a tank after leaving the column. This depressurization releases a 
gas rich in CH4, which is re-circulated to the compressor inlet (Hagen et al., 2001).  
The benefit of Selexol over water is that, in addition to water vapor removal, 
CO2 and H2S are more soluble in Selexol, resulting in lower solvent demand.  Due to 
the formation of elemental sulfur in the solvent, stripping with steam or inert gas is 
necessary for solvent recirculation.  See Figure 7.2, for a typical biogas upgrading 
system using Selexol. 
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Figure 7.2: Upgrading Biogas Using a Selexol System 
From Persson, 2003. 
 
7.4.2  UPGRADING OF BIOGAS THOURGH ADSORPTION 
 
Adsorption technology is a surface phenomena in which a soluble material (the 
solute) concentrates or collects at a surface of the adsorbent.  The difference in the 
attraction forces among different molecules is utilized to separate out CO2, H2S and 
water vapor from the gas stream. If the biogas has high H2S concentrations and/or is 
nearly saturated with water, both constituents should be removed in a preliminary 
stage because they substantially reduce the capacity for CO2 adsorption and poison the 
system, as the adsorbent material adsorbs H2S permanently.  
Adsorption selectivity is achieved by altering the mesh sizes and/or pressure 
within the system. A technology frequently used in industrial gas processing 
applications is called Pressure Swing Adsorption (PSA). PSA has achieved 
widespread commercial acceptance as the technology of choice for hydrogen 
purification, air separation and small scale air driers.   
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Additionally, PSA has several other actual and potential uses such as the 
recovery of methane from landfill gas and agricultural biogas. This is a method that 
separates CO2 from the methane rich gas by the adsorption/desorption of CO2 onto 
activated carbon or zeolites at different pressures. See Table 7.4 for different 
adsorbents and their applications.  
 
Table 7.4: Adsorbents Commonly Used in PSA Systems 
Adapted from Ferreira, P., 2004 
 
 
A typical system is composed of four vessels in series that are filled with 
adsorbent media which is capable of removing water vapor, CO2, N2 and O2 from the 
biogas stream. During operation, each adsorber operates in an alternating cycle of 
adsorption, regeneration and pressure buildup. Dry biogas enters the system through 
the bottom of one of the adsorbers during the first phase of the process. When passing 
through the vessel, CO2, N2 and O2 are adsorbed onto the surface of the media. The 
gas leaving the top of the adsorber vessel contains >97% CH4 (Ruthven, 1993). 
During the regeneration phase, the bed must be regenerated by desorbing (or 
purging) the adsorbed gases. Purging is accomplished by reducing the pressure in the 
bed and back-flushing it with some of the concentrated gas product. The gas pressure 
Adsorbent  Used to Remove 
Silica Gel  H2O 
Activated Alumina  H2O 
Activated Carbon  CO2, CH4, CO 
Zeolites  CO, N2, CH4 
ZnO  H2S, Other Sulfur Containing 
Compounds  
 
95 
released from one vessel is used by the other, thus reducing energy consumption and 
compressor capital costs.  See Figure 7.3 for a schematic of the system.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
   
Figure 7.3: PSA System Schematic   
From Perrson, 2003 
 
7.4.3  MEMBRANE SEPARATION 
 
The basic principle of the membrane separation process is that some 
components of the raw gas are transported through a thin membrane material while 
others are retained, as dictated by the partial pressure of various constituents in the raw 
gas. This is strongly dependent on the permeability of the component in the membrane 
material. To obtain high methane purity and recovery, the difference in permeability 
(or selectivity) of CH4 and CO2 must be high. The selectivity is a direct function of the 
chemical solubility of the target compound in the membrane material. Membranes can 
be classified based on their morphology or the separation process (Mulder, 1991).  
Current gas separation membranes are composed of dense, thin, rubbery 
material or composites mainly prepared from glassy polymers (Spillman, 1989). Glass 
membranes made from polymers are rigid and glass like. These membranes separate  
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gases based on differences in the size of the gas molecules. On a molecular scale, 
smaller, more compact molecules such as H2 and CO2 permeate more easily through 
the tightly packed chains, while larger molecules such as CH4 and N2 are rejected. 
Rubber membranes are made from polymer chains that are soft and flexible. 
These membranes separate gases by the differences in the solubility of gas molecules 
in the polymer. Generally speaking, condensable molecules dissolve more readily in 
these rubbery membranes and permeate through faster. Because heavy hydrocarbons 
are more condensable than light ones, these permeate the membrane faster 
(Lokhandwala et al., 2000). 
To compare membrane properties, two characteristic parameters are given for 
the efficiency of a gas separation membrane (Haselden, 1989): 
·  The amount of gas that permeates through the membrane per unit time and unit 
surface area, known as the flux or flow (J). The measure of the gas permeation 
through a membrane is expressed as the coefficient (P). 
·  The measure of the separating ability of the membrane, known as the 
separation factor, (￿). 
The biogas will diffuse through a membrane due to a chemical potential 
gradient expressed as a concentration gradient across the membrane. Fink’s first law 
describes this transport and the flux can be expressed by 
 
dx
dCi
* Di Ji - =   (7.4) 
 
where Di is the diffusion coefficient and dCi/dx is the concentration gradient of a 
component i in the membrane (equation 7.4).  
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The equilibrium concentration (Ci) of constituent i  penetrating through the membrane 
is related to its ambient pressure (Pi) by 
 
Pi * Si Ci =   (7.5) 
 
Equation 7.5 is Henry’s law in the case that the solubility (Si) is independent of 
pressure, meaning that the concentration is directly proportional to pressure. If the 
diffusion coefficient is assumed to be constant, integration of equation (7.4) over the 
membrane thickness (x=0, x=￿) and substation of Equation (7.5) into (7.4) gives: 
 
￿ ￿
￿ ) l , pi 0 , pi ( Si Di
l
) , Ci 0 , Ci ( Di
Ji
- ×
=
-
=    (7.6) 
 
where Ci,0 and Ci,￿is the concentration at the upstream and downstream side of the 
membrane and where pi,0 and pi,￿ are the pressures upstream and downstream of the 
membrane of length ￿.  The product of Di and Si is the basic equation for the 
permeability (Pi) of component i.  
There are two basic types of gas purification membranes: high pressure 
membranes with gas phases on both sides of the membrane and low pressure gas-
liquid membranes with a liquid adsorbent on one side. 
 
7.4.3.1 High Pressure Membranes 
 
Current high pressure membrane technology, which typically modifies the gas 
in a three stage process, can increase the concentration of methane in the biogas to 
96% or more (Wellinger and Lindberg, 2001). Waste from the first two stages of the 
process can be recycled, recovering more CH4, while gas from the third stage can be 
mixed with natural gas and used in a boiler, as it still contains 10-20 % CH4. These  
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membranes, with a lifetime of up to three years, are specific for given molecules; CO2 
and H2S are separated in different modules within the membrane.  If waste gas from 
the first two stages is not recycled, much CH4 will be lost. See Figure 7.3, below, from 
Larsen et al., 1987. 
 
Figure 7.4: Number of Membranes Connected in Series Vs. Methane Yield 
 
In a study conducted by Kayhanian and Hills (1988), high pressure membrane 
separation was used to treat AD biogas. Cellulose acetate membranes operating at 25 
°C, 550kPa and a state cut (ratio of permeate flow rate to non-permeate flow rate) of 
.45 obtained the most efficient CO2 and H2S removal rate. CO2 concentration in the 
biogas was reduced from 42 % to 8 % while H2S was reduced from 1000 ppm to 430 
ppm, or only a 48% reduction.  
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7.4.3.2 Low Pressure Membranes 
 
Within the past five years, low pressure gas-liquid membranes have been 
developed specifically for the upgrading of biogas. Molecules from the biogas stream 
flowing in one direction are able to diffuse through the microporous hydrophobic 
membrane that separates the gas phase from the liquid. The molecules that diffuse 
through the membrane will be absorbed on the other side by the liquid flowing in the 
opposite direction.  
Since low pressure gas-liquid absorption membranes work at near atmospheric 
pressure, construction of these systems are relatively low in cost compared with the 
high pressure membrane systems (Sirkar, 1991). Using this system, the biogas can be 
upgraded from 60 % CH4 to 96 % CH4 using amine solution which can be regenerated 
by heating. Gas-liquid absorption membranes are also very effective at removing H2S 
from a gas stream. At 25-35 °C (77-95 °F), with either coral or NaOH as an absorbent, 
H2S can be reduced from 2 % to 250 ppm (Lindberg and Wellinger, 2001). 
 
7.5  BIOGAS UPGRADING: WATER REMOVAL 
 
While raw biogas exiting the digester is usually saturated with water vapor, the 
amount of water in the gas depends on the temperature and pressure. Biogas typically 
contains 10% water vapor by volume at 110 °F, 5% by volume at 90 °F and 1% by 
volume at 40 °F (Weast, 1958) and must be removed before it can be introduced into 
the natural gas grid system. A number of techniques can be used to remove biogas 
condensate water as the biogas flows through a pipe, including tees, U-pipes or 
siphons. The simplest method to remove condensation water is to install a horizontal 
pipe with a 1:100 slope (Krich et al., 2005).  
At DDI, water is condensed out in a water trap as the biogas moves from the 
digester to the boiler through an underground pipeline. As the horizontal pipe will  
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only remove water vapor that condensed in the pipe, further water removal is 
necessary for the biogas upgrading process. Currently, the most frequently used drying 
methods to remove water vapor are refrigeration, adsorption and absorption 
(Mozaffarian, 2001).  
During refrigeration, the biogas is cooled in heat exchangers and the 
condensed water is separated from the biogas. Normally, this method can only lower 
the dew point to 0.5 – 1 °C (33-34 °F), due to freezing problems on the surface of the 
heat exchanger. To achieve lower dew points, the biogas must be compressed before 
cooling, and then expanded to the desired pressure.  
Adsorbing water onto the surface of a drying agent is another common method 
for drying biogas. The agent can be silica gel, aluminum oxide or magnesium oxide, 
which is packed into a container or vessel that moist gas flows though. Regeneration 
of the drying agent is possible if the drying occurs at elevated pressure. At elevated 
pressure, a small amount (3-8 %) of the dried gas can be depressurized and used for 
regeneration. If drying occurs at atmospheric pressure, regeneration is done with air 
and a vacuum pump. This method, however, mixes air into the biogas and is not well 
suited for the drying of biogas (Hagen et al., 2001). 
  Water can be absorbed from moist biogas using hygroscopic salts, glycol or 
triethylene glycol. Normally, the process consists of an absorption vessel filled with 
salt granules, through which moist gas if fed up from the bottom of the vessel.  The 
salt in the vessel dissolves as it absorbs the water and is taken out of the vessel and 
replaced after reaching saturation.  
 
7.6  ADDITON OF PROPANE 
 
If, after the biogas has been through a series of upgrading processes, and the 
Wobbe Index is still too low for injecting the gas into the natural gas pipeline,  
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additions can be made to the gas to increase its heating value. Both propane (C3H8) 
and Liquefied Petroleum Gas (LPG), which is a mixture of propane and butane 
(C4H10), have a high Wobbe index and calorific value. If LPG is composed of 70% 
C3H8 and 30% C4H10, the net calorific value of the gas is approximately 2,700 Btu/ft
3 
(100 MJ/m
3) and the gross Wobbe index is 2,300 Btu/ft
3 (85 MJ/m
3). Thus, the 
addition of LPG to biogas will increase these properties so the gas meets natural gas 
pipeline specifications.  
Unfortunately, LPG is costly and adding large amounts is usually 
uneconomical. Instead of being the primary method of upgrading biogas, LPG can be 
added to the biogas as a supplement after the primary upgrading process has occurred.  
The required amount of LPG depends on the main upgrading process, the pipeline gas 
requirements and the original biogas quality (Hagen, M., 1994). 
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CHAPTER  
 
8.  ECONOMONIC ANALYSIS OF PROCESSING DAIRY BIOGAS AND 
SELLING IT AS HIGH BTU GAS FOR INJECTION INTO THE NATURAL GAS 
PIPELINE 
 
8.1 INTRODUCTION TO THE FINANCIAL VIABILITY OF UPGRADING 
BIOGAS TO NATURAL GAS QUALITY 
 
To date, New York State has no binding regulations regarding or limiting the 
release of biogas produced from anaerobic digesters on farms into the atmosphere. 
Therefore, it is unlikely that farmers will recover biogas from their digesters unless 
there are financial incentives. Biogas recovery and processing (including cleaning and 
upgrading) for injection into the natural gas pipeline depends on the financial viability 
of the project, which is determined from the point of view of the investor. Investors 
may include the farmer, local, state and federal government agencies as well as 
research and development organizations. 
From the point of view of the farmer, the use of anaerobic digestion (AD) 
technology is often driven by community demands for odor control and concentrated 
animal feeding operations (CAFO) regulations. Because farmers increasingly control 
odor and manage manure by using AD, it makes sense from an environmental and 
economical perspective to explore biogas utilization options.  
Many years of research and development have gone into cogeneration systems 
that use biogas as the energy source to power diesel engines and research involving 
fuel cells and microturbines has increased over the past few years. Other applications, 
namely processing biogas to natural gas pipeline quality, has received limited 
consideration and is deemed worthy of further analysis, given the limitations and 
drawbacks to the standard cogeneration technologies, as described in Chapter 2.  
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Assuming, for the purpose of this chapter, that the farmer has an anaerobic digester 
installed and operational on the farm, the key questions to consider are: 
1)  Is there a buyer for the processed biogas? Is a local utility company or a 
community pipeline willing to purchase the gas from the farmer?  If so, 
how much gas are they willing to purchase and for what length of time?  
What are the specific gas quality requirements? How close to the natural 
gas pipeline is the biogas producer? 
2)  How much will the gas processing technology cost? 
·  What are the initial capital costs? 
·  What are the ongoing operational and maintenance (O&M) 
costs? 
3)  How much revenue will be generated by the selling of the processed 
biogas? 
4)  Will the revenue generated through processed biogas sales be more or less 
than the capital and O&M cost of the gas processing equipment and the 
installation of pipeline, if required? 
Today, the main limitations to upgrading biogas to natural gas quality are not 
technical, but economical and political.  The willingness of a buyer to purchase the 
upgraded biogas is crucial and a buyer must be established during the initial stages of 
the project.  A minimum price that the buyer will pay for the biogas during the lifetime 
of the project also must be established.  
In addition, it is essential to establish who will purchase the processed biogas 
gas in order to design the system to meet the gas quality needs of the buyer.  One 
buyer, for instance, may accept processed biogas into the natural gas pipeline that has 
at least 95% CH4, while another buyer may only accept gas with at least 98% CH4. In 
addition to gas quality, the amount of gas the buyer is willing to purchase for injection  
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into the pipeline is vital information. The buyer may want to be guaranteed that a 
certain amount of biogas (volume/time) will be injected into the line.  
The cost of upgrading biogas varies considerably and very few 'hard numbers' 
are found in the literature. From the literature review conducted, the limited data that 
is available pertains mainly to upgrading landfill gas and demonstrates that currently, 
processing biogas to natural gas is only possible for large biogas producers with 
substantial gas recovery due to initial capital and ongoing operation and maintenance 
costs.  
Because of this limitation, most of the economic data presented in this chapter 
is based on data from sources that have upgraded landfill biogas to natural gas quality. 
In general, landfill gas (LFG) is approximately 50-58 % CH4, the primary component 
of natural gas. The other 42-50 % of the gas is predominantly CO2, with small 
amounts of N2 and O2, and trace levels of non-methane organic compounds. These 
include alkanes, chlorocarbons, oxygenated compounds, other hydrocarbons, sulfur 
dioxide and H2S.   Usually, agricultural biogas has more CH4 than LFG (58-65%) and 
does not contain alkanes, chlorocarbons and oxygenated compounds. 
To date, most landfill gas recovery projects utilize the gas in direct 
applications, such as in boilers or to heat greenhouses (Goldstein, 2005). Using the 
landfill gas to generate electricity with diesel engines or microturbines is another 
emerging technology.  Using LFG as a source of alternate fuel, by upgrading the gas 
to a high Btu value for pipeline injection or for vehicle fuel, is less prevalent, although 
there are several operational high Btu projects in the United States.   
As an example of a high Btu application, the LFG from one relatively small 
landfill in Monroeville, PA is processed and blended into the natural gas pipeline. 
Another project, as an example of a medium-Btu application, is blending non-
upgraded LFG (impurities such as alkanes, chlorocarbons, oxygenated compounds,  
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water, sulfur dioxide and H2S are removed, but not CO2) into the natural gas pipeline.  
To keep the amount of CO2 in the pipeline at an acceptable level, the LFG is blended 
with natural gas in the pipeline (Landfill Methane Outreach Program, 2004). Table 8.1 
below displays operational projects which convert LFG to natural gas for pipeline 
injection. 
 
8.2 APPROACH TO EVALUATING THE FINANCIAL VIABILITY OF 
UPGRADING BIOGAS TO NATURAL GAS QUALITY 
 
Because LFG is similar to the biogas produced as a result of AD of manure on 
a dairy farm, much of the economic information from LFG processing projects can be 
applied to dairy biogas processing projects. For a landfill with 1 million metric tons of 
waste in place, it is estimated that, on average, 200 million ft
3/year or 550,000 ft
3/day 
of gas will be produced (U.S. EPA Landfill Methane Outreach Program, 1996).  
Presently, due to the high cost of cleaning and upgrading LFG, only large 
landfills that produce substantial quantities of gas are candidates for converting low 
Btu LFG to high Btu, pipeline quality gas. From Table 8.1, the smallest landfill from 
which LFG is upgraded to high Btu gas has two million metric tons of waste in place.   
In order to compare gas produced in a landfill to the gas produced by AD on a 
dairy farm, the landfill gas production can be converted to a ‘cow equivalent’.   To 
determine the amount of biogas a landfill produces each year, taking into account the 
decrease in gas production as the waste in the landfill disintegrates, the EPA LandGem 
Model was used. The landfill gas generation rate in this model is based on a first order 
decomposition model, which estimates the landfill gas generation rate using two 
parameters:  
·  Lo, the potential CH4 generation capacity of the waste and 
·   k, the CH4 generation decay rate, which accounts for how quickly the 
methane generation rate decreases, once it reaches its peak rate.    
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Table 8.1: Operational Medium and High Btu LFG Projects 
    Landfill Methane Outreach Program, December 2004 
 
The methane generation rate of the waste is assumed to be at its peak within 
five years upon placement in the landfill.  This model allows the user to enter Lo and k 
values using test data and landfill specific parameters, or use default Lo and k values 
derived from test data collected during the course of research for federal regulations 
governing air emissions from municipal solid waste landfills 
In this case, k and Lo values based on USEPA AP-42, Appendix A, Thermal 
Equivalents of Various Fuels, were used.  If a dairy cow produces approximately 100 
ft
3/day of biogas, then, averaged over a 10 year period, a landfill with 1 million tons of 
waste in place will produce approximately as much biogas as 4,800 cows. Landfills 
Landfill 
Name  State 
Waste In 
Place (tons) 
Year 
Landfill 
Opened 
Landfill 
Closure 
Year 
Project  
Start Date 
LFGE 
Project 
Type 
LFG  
Flow to 
Project 
(10
6 scfd) 
Johnson 
County LF  KS  20,000,000  1979  2030  9/1/2001  High Btu  4.900 
American LF  OH  14,157,332  1975    6/30/2003 
Medium 
Btu  No Data 
Pinnacle Road 
LF  OH  6,150,000  1979  1993  4/1/2003  High Btu  1.122 
Rumpke SLF, 
Inc.  OH  11,500,000  1965  2021  1/1/1986  High Btu  9.000 
Stony Hollow 
LF  OH  7,500,000  1996  2009  4/1/2003  High Btu  1.550 
Monroeville 
LF  PA  2,000,000  1971  2035  10/29/2004  High Btu  3.600 
Valley LF  PA  6,000,000  1990  2025  2/27/2004  High Btu  No Data 
 McCarty 
Road LF  TX  28,918,718  1977  2001  1/1/1986  High Btu  No Data 
McCommas 
Bluff LF  TX  26,470,000  1980  2053  1/1/2000  High Btu  No Data  
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with 2 and 3 million tons of waste in place will produce approximately as much biogas 
as 9,600 and 14,400 cows, respectively. See Table 8.2, below. 
 
Table 8.2: Landfill Gas Production and Dairy Biogas Equivalent 
YEAR 
Gas Production 
With 1 Million 
Tons of Waste in 
Place (ft
3/yr) 
Gas Production 
With 2 Million 
Tons of Waste in 
Place (ft
3/yr) 
Gas Production 
With 3 Million 
Tons of Waste in 
Place (ft
3/yr) 
1  200,000,000  400,000,000  600,000,000 
2  194,000,000  388,000,000  582,000,000 
3  188,180,000  376,360,000  564,540,000 
4  182,534,600  365,069,200  547,603,800 
5  177,058,562  354,117,124  531,175,686 
6  171,746,805  343,493,610  515,240,415 
7  166,594,401  333,188,802  499,783,203 
8  161,596,569  323,193,138  484,789,707 
9  156,748,672  313,497,344  470,246,016 
10  152,046,212  304,092,423  456,138,635 
Total Biogas 
Production over 10 
Years (ft
3)  1,750,505,821  3,501,011,641  5,251,517,462 
Average Biogas 
Production over 10 
Years (ft
3)  175,050,582  350,101,164  525,151,746 
Equivalent Number 
of Cows  4,796  9,592  14,388 
 
 
8.3 FINANCIAL VIABILITY OF UPGRADING BIOGAS TO NATURAL GAS 
QUALITY ON DAIRY FARMS OF VARIOUS SIZES 
 
Following is an economic evaluation of upgrading agricultural biogas to 
natural gas quality on several different sized farms. For this analysis, it is assumed that 
the biogas from the dairies has the following parameters: 
 
CH4 = 60%, CO2 = 38%, N2 and O2 Combined = 2%, H2S = 3,000 ppm 
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Recent studies show that adding food waste to the digester increase the biogas 
generation potential of the digester substantially. For further information, see A 
Guideline for Co-Digestion of Food Wastes in Farm-Based Anaerobic Digesters 
(Scott and Ma, December, 2004) and Potential of Using Food Wastes In Farm-Based 
Anaerobic Digesters (Scott and Ma, January, 2004). For future projects that consider 
upgrading dairy biogas to natural gas quality, the addition of food waste should be 
considered to increase the biogas generation potential of the digester.  
This analysis assumes that the minimum gas quality standards for injection 
into the natural gas pipeline are: 
 
CH4 = 97%, CO2 = 2%, N2 and O2 Combined = 1%, H2S < 4ppm 
 
Given the above assumptions, the gas processing system must consist of an 
H2S removal system, a gas conditioning system, a CO2, N2 and O2 removal system, 
and a compressor to increase the treated gas pressure to meet pipeline distribution 
pressure. A description of the main components of the system is described below. See 
Figure 8.1 for a conceptual design of the system. Vessels V1 and V2 are used for H2S 
removal. Vessels V3, V4 and V5 are pressure swing adsorption vessels (PSA).   Figure 
8.1 was drawn by author, using information obtained from Applied Filter Technology, 
Inc.  
 
H2S Removal System 
 
This system contains two vessels filled with iron oxide media, such as iron 
sponge (red iron oxide impregnated on wood chips), operating in parallel. The vessels 
are used in parallel so that if one vessel is being cleaned or the media is being 
changed, the other will operate, allowing the H2S system to run continuously.   
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Gas Conditioning Package 
 
The system consists of a coalescing filter, a gas/gas exchanger, a chiller and a 
gas/liquid exchanger to remove water and impurities from the biogas. The coalescing 
filter is used for the separation of liquid aerosols and droplets from a gas. It is 
recommended that as much water and impurities as possible be removed before the 
biogas enters the PSA. A fraction of the water will be removed before entering the 
H2S removal system via condensation as the biogas moves through the pipe 
connecting the digester and the H2S removal system.  This will reduce the amount of 
water that the gas conditioning package has to remove. 
 
Gas Upgrading System 
 
To remove constituents of the biogas that decrease its calorific value and 
Wobbe Index, a PSA system may be used.  The Wobbe Index is defined as: 
 
Wobbe Index = Calorific Value of Fuel/(Specific Gravity of the Fuel)
1/2 
 
The Wobbe Index for CH4 is approximately 1220 Btu/cubic foot. The PSA 
system shown in the diagram consists of 3 vessels in series, which separates out CO2, 
N2 and O2 from the methane rich gas by the adsorption/desorption of CO2, N2 and O2 
onto activated carbon or zeolites at different pressures.  
 
Two Stage Compression 
 
This step is necessary to increase the pressure of the treated biogas to meet 
pipeline pressure specification. Natural gas that is transported through larger pipelines 
over long distances travels at high pressures ranging from 200 to 1500 pounds per  
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square inch (psi). This pressure reduces the volume of the natural gas being 
transported (by up to 600 times), and provides a propellant force to move the natural 
gas through the pipeline (NaturalGas.Org, 2004). In smaller, localized natural gas 
pipelines, the gas requires as little as 100 psi or less of pressurization. In each case, the 
pressure that the processed biogas must be pressurized to for delivery to the natural 
gas pipeline is site specific, depending on the type and size of the natural gas pipeline 
near the biogas processing plant.  
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8.3.1 CAPITAL COST OF BIOGAS PROCESSING EQUIPMENT 
 
Table 8.3 shows capital cost data for a biogas processing system that will clean 
and upgrade dairy biogas to natural gas quality.  The cost data was provided to the 
author by Applied Filter Technology (AFT). AFT is a research and engineering 
company that has designed, constructed and built LFG processing systems that remove 
CO2 and contaminants from the gas stream. The economic data provided by AFT was 
checked again costing information provided by another company (Cogeneration 
Technologies, a subsidiary of EcoGeneration
™ Solutions, LLC) and was found to be 
comparable.  
Accourding to AFT, the capital cost to install a biogas processing plant for a 
500 cow dairy and 1,000 cow dairy despite the difference in biogas volume is 
approximately the same due to economy of scale.   
 
8.3.2 OPERATIONAL AND MAINTENACE COSTS OF BIOGAS PROCESSING 
EQUIPMENT 
 
Table 8.4 displays the yearly O&M costs to keep the biogas processing system 
functional and in good working condition.  The data was supplied to the author by 
AFI.  The O&M costs presented below are based on AFI’s experience in operating 
several LFG processing systems over the past decade. As with capital costs, AFT 
estimates that the operational and maintenance costs for a 500 and 1,000 cow biogas 
processing plant are approximately the same.  
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Table 8.3: Capital Costs for Biogas Upgrade Equipment at Dairies of Varying Sizes 
Cost Data Provided to Author by Applied Filter Technology, Inc.  
  Biogas 
Production of 
500 or 1,000 
cows (500,000 
/1,000,000 
ft
3/day) 
Biogas 
Production of 
3,000 cows 
(3,000,000 
ft
3/day) 
Biogas 
Production of 
5,000 cows 
(5,000,000 
ft
3/day) 
Biogas 
Production of 
10,000 cows 
(10,000,000 
ft
3/day) 
Booster Fan + Heat 
Exchanger 
$4,500  $6,000  $10,000  $15,000 
 H2S removal 
System (2 Vessels, 
pH and Moisture 
Control, Mixer, 
Tank, Pump) 
$75,000  $110,000  $200,000  $375,000 
H2S Removal 
Media (32,760 lb. 
initial fill) 
$7,500  $22,000  $35,000  $70,000 
Chemicals for pH 
Control (Potassium 
Carbonate) 
$2,000  $5,000  $8,000  $10,000 
Gas Conditioning 
Package 
(Compressor, 
Chiller, Exchangers, 
Instrumentation) 
 
$110,000  $220,000  $500,000  $600,000 
Condenser for 
Media Spent 
Regeneration Gas 
 
$1,700  $2,500 
 
$4,500  $6,000 
PSA System for 
pipeline grade gas 
 
$70,000  $180,000 
 
$320,000  $450,000 
Two stage 
compression to high 
pressure pipeline 
 
$65,000  $125,000 
 
$200,000  $270,000 
Pipeline and 
Pipeline Connection 
Site Specific  Site Specific  Site Specific  Site Specific 
Miscellaneous 
Piping and Controls 
 
$15,000  $25,000 
 
$45,000  $60,000 
Site Civil 
Preparation and 
Installation (15% of 
total) 
$52,305 
 
$103,575 
 
$197,175  
 
$311,400 
 
Total Capital Costs  $403,005  $799,075   $1,519,675   $2,397,400  
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Table 8.4: Yearly Costs to Maintain Biogas Upgrade Equipment at Various Size 
Dairies 
Cost Data Provided to Author by Applied Filter Technology, Inc.  
  Biogas 
Production of 
500/1,000 cows 
(500,000 
/1,000,000 
ft
3/day) 
Biogas 
Production of 
3,000 cows 
(3,000,000 
ft
3/day) 
Biogas 
Production 
of 5,000 
cows 
(5,000,000 
ft
3/day) 
Biogas 
Production of 
10,000 cows 
(10,000,000 
ft
3/day) 
Booster Fan + Heat 
Exchanger 
$300  $500  $1,000  $2,000 
 H2S removal 
System (2 Vessels, 
pH and Moisture 
Control, Mixer, 
Tank, Pump) 
$750  $750  $1,000  $2,000 
H2S Removal 
Media (32,760 lb. 
initial fill) 
$11,350  $30,000  $50,000  $90,000 
Chemicals for pH 
Control (Potassium 
Carbonate) 
$850  $2,500  $4,000  $8,000 
Gas Conditioning 
Package 
(Compressor, 
Chiller, Exchangers, 
Instrumentation) 
 
$6,000  $17,000  $20,000  $25,000 
Condenser for 
Media Spent 
Regeneration Gas 
 
$150  $150 
 
$250  $250 
PSA System for 
pipeline grade gas 
 
$12,000  $16,000 
 
$20,000  $38,000 
Two stage 
compression to 
pipeline pressure 
 
$6,000  $8,000 
 
$12,000  $15,000 
Pipeline and 
Pipeline Connection 
None  None  None  None 
Miscellaneous 
Piping and Controls 
 
$250  $250 
 
$350  $350 
Total  $37,650   $75,150   $108,600   $204,400  
  
 
115 
8.4 TRANSPORTING PROCESSED BIOGAS TO THE NATUAL GAS PIPELINE 
 
In addition to capital and O&M costs of biogas processing equipment, the cost 
to transport the processed biogas to the natural gas pipeline must be considered. In 
order to deliver the processed dairy biogas to the natural gas pipeline, additional 
pipeline may have to be installed. Pipeline designers and construction companies are 
often hesitant to give generalized cost estimates for pipeline installation and 
construction because costs are dependent on several location specific factors.  For 
example, a pipeline through a sparsely populated, rural area can cost five times less 
than a pipeline of the same length and diameter through a densely populated, urban 
area.  
Pipeline construction costs can be broken down into four main categories. 
Material costs, on average, account for 26% of total construction costs while labor, 
right of way and miscellaneous costs make up 45%, 22% and 7%, respectively 
(Parker, 2005). 
Depending on natural gas flow rates, pipelines can measure anywhere from 6 
to 48 inches in diameter, although certain component pipe sections can consist of 
small diameter pipes. Pipes of smaller diameters are found in collection and local 
distribution systems.  Transmission pipes, often stretching hundreds or even thousands 
of miles, bring natural gas from the gas wells and processing plants, to the main 
pipeline in localized distribution systems.  Transmission pipes are usually between 16 
and 48 inches in diameter. Lateral pipelines, which deliver natural gas to or from the 
main, are typically between 6 and 16 inches in diameter, but can be smaller for smaller 
gas flows.   
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Small lines, called service lines, connect to the mains and go directly to the 
homes or buildings where it will be used.  In this case, lateral pipeline would be used 
to transport processed biogas to the natural gas pipeline. To calculate the appropriate  
diameter of the lateral gas line based on processed biogas flow rates, GASCalc 
software was used. The software calculates the appropriate pipe diameter using the 
Darcy-Weisbach equation (Equation 8.1).  For lateral pipeline diameters, based on 
processed biogas flow rates for various sized dairies, see Table 8.5. 
 
 
         
Where 
h  =  head loss 
f  =  friction factor 
L  =  pipe length 
D  =  pipe diameter 
V  =  flow velocity 
g  =  acceleration of gravity 
 
Table 8.5 Diameter of Lateral Pipeline (in inches), Depending on Biogas Flow Rates 
Values calculated using GASCalc Software 
  1/4 mile steel 
pipeline 
1/2 mile steel 
pipeline 
1 mile 
steel 
pipeline 
500-1,000 Cows, Producing 500,000/ 
100,000 ft
3 biogas/day 
0.66  0.75  0.88 
3,000 Cows, Producing 300,000 ft
3 
biogas/day 
1.00  1.15  1.33 
5,000 Cows, Producing 500,000 ft
3 
biogas/day 
 
1.20  1.40  1.60 
10,000 Cows, Producing 1,000,000 ft
3 
biogas/day 
 
1.60  1.88  2.17 
 
(Equation 8.1)  
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8.4.1 PIPELINE COSTS 
 
Once the appropriate pipe diameter is calculated, it is possible to determine the 
cost to install the pipeline of certain lengths. Table 8.6 demonstrates the material and 
labor costs for installing pipelines of various diameters, per linear foot. The cost data 
is from R.S. Means, a software package that is an industry standard for pricing civil, 
environmental and mechanical engineering projects. In order to choose the correct 
diameter of pipe to be installed, the gas flow rate through the pipe must be known. The 
gas flow rate is based on the digester’s biogas generation potential and the number of 
cows on the dairy farm. 
 
Table 8.6: Pipeline Construction and Installation Costs 
Data from R.S. Means, CostWorks 2005, Equipment and Labor Rates for Syracuse, 
NY 
  Unit  Bare Material 
(Carbon Steel) 
Bare Labor  Bare Total  Total, 
Including 
Company 
Overhead 
and Profit 
¼” Diameter  Linear 
Foot 
6.15  5.10  11.25  14.45 
3/8” Diameter  Linear 
Foot 
7.35  5.20  12.55  15.95 
½” Diameter  Linear 
Foot 
9.50  5.35  14.85  18.50 
¾” Diameter  Linear 
Foot 
11.80  5.40  17.20  21.00 
1” Diameter  Linear 
Foot 
15.45  6.15  21.60  26.00 
1-1/4”   Linear 
Foot 
18.90  6.50  25.40  33.00 
1-1/2”  Linear 
Foot 
25.70  7.20  32.90  42.10 
2” Diameter  Linear 
Foot 
31.50  8.70  40.20  47.50 
 
In order to assess the economic feasibility of upgrading biogas to natural gas 
quality for injection onto the natural gas pipeline when the biogas processing station is  
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not located near the pipeline, three pipeline scenarios were considered.  In order to 
install the pipeline underground, a trench must be dug.  Table 8.7 demonstrates the 
cost for digging the trench in which the lateral pipeline is placed.  Depending on local 
regulations, location of the water table, depth to frost and the location of other utility 
lines, the trench may be anywhere from 4 to 14 feet deep. 
Table 8.8 demonstrates the costs of transporting upgraded biogas ¼ mile, ½ 
mile and 1 mile to the natural gas pipeline.  In addition to the cost of the pipe 
installation itself, it is standard to add 25% to 50% of the cost to include valves and 
fittings (R.S. Means, 2005).  
 
 
Table 8.7: Cost of Excavation for Pipeline Installation 
Data from R.S. Means, CostWorks 2005, Equipment and Labor Rates for Syracuse, 
NY 
   Excavation Cost  Excavation Cost  Excavation Cost 
Length 
Depth of Trench = 4' 
to 6' Deep*  
Depth of Trench = 6' to 
10' Deep** 
Depth of Trench = 
10' to 14' Deep*** 
0.25 
Miles  $5,476  $12,320  $13,884 
0.50 
Miles  $10,951  $24,640  $27,769 
1.0 
Mile  $21,902  $49,280  $55,538 
* Using a 13 ft
3 tractor loader/backhoe 
** Using a 20 ft
3 hydraulic backhoe 
*** Using a 27 ft
3 hydraulic backhoe 
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Table 8.8: Construction and Installation Costs for Pipeline of Various Lengths  
(Not Including Excavation and Backfill).  
 
 
*Fittings usually run between 25% and 50% of the cost of the pipe.  These numbers 
include pipe cost and installation, plus 25% for fittings and valves.  
**  These numbers include pipe cost and installation, plus 50% for fittings and valves. 
 
 
 
Diameter  Length 
Cost of 
Pipe and 
Installation 
Cost Plus 
Cost of 
Fittings* 
Cost Plus 
Cost of 
Fittings** 
1/4"  0.25 Miles  $19,074  $23,842.50  $28,611.00 
   0.50 Miles  $38,148  $47,685.00  $57,222.00 
   1.0 Mile  $76,296  $95,370.00  $114,444.00 
3/8"  0.25 Miles  $21,054  $26,317.50  $31,581.00 
   0.50 Miles  $42,108  $52,635.00  $63,162.00 
   1.0 Mile  $84,216  $105,270.00  $126,324.00 
1/2"  0.25 Miles  $24,420  $30,525.00  $36,630.00 
   0.50 Miles  $48,840  $61,050.00  $73,260.00 
   1.0 Mile  $97,680  $122,100.00  $146,520.00 
3/4"  0.25 Miles  $27,720  $34,650.00  $41,580.00 
   0.50 Miles  $55,440  $69,300.00  $83,160.00 
   1.0 Mile  $110,880  $138,600.00  $166,320.00 
1"  0.25 Miles  $34,320  $42,900.00  $51,480.00 
   0.50 Miles  $68,640  $85,800.00  $102,960.00 
   1.0 Mile  $137,280  $171,600.00  $205,920.00 
1-1/4"  0.25 Miles  $43,560  $54,450.00  $65,340.00 
   0.50 Miles  $87,120  $108,900.00  $130,680.00 
   1.0 Mile  $174,240  $217,800.00  $261,360.00 
1-1/2"  0.25 Miles  $55,572  $69,465.00  $83,358.00 
   0.50 Miles  $111,144  $138,930.00  $166,716.00 
   1.0 Mile  $222,288  $277,860.00  $333,432.00 
2"  0.25 Miles  $62,700  $78,375.00  $94,050.00 
   0.50 Miles  $125,400  $156,750.00  $188,100.00 
   1.0 Mile  $250,800  $313,500.00  $376,200.00  
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After the pipe is installed, the trench must be backfilled to fill the hole and 
cover the pipeline. Table 8.9 demonstrates the cost to backfill a trench that is 6 to 10 
feet in depth.  
 
Table 8.9: Cost of Backfilling Excavation Trench After Pipeline Installation  
CostData from R.S. Means, CostWorks 2005, Equipment and Labor Rates for 
Syracuse, NY 
Length  Backfill Cost 
0.25 Miles  $2,112 
0.50 Miles  $4,224 
1.0 Mile  $8,448 
* Using a 27 ft
3 front end loader, Backfill material is hauled less than 100’. 
8.5 PRESENT WORTH ANALYSIS 
 
In order to determine if a biogas upgrading project is economically viable on 
dairy farms of various sizes, present worth analyses were conducted. In order to 
determine the present worth (PW) of upgraded dairy biogas sales, several factors or 
parameters were taken into considerations. They include: 
·  Number of cows on the dairy farm 
·  Selling price of the processed dairy biogas 
·  Interest rate 
For the purpose of this analysis, four different size dairies were considered. 
According to the U.S. Energy Information Administration, wellhead natural gas prices 
have ranged from $2.00/million BTU (MBtu) to over $14.00/MBtus in the past five 
years (U.S. Energy Information Administration, 2005). In the fall of 2005, wellhead 
prices of up to $11.00/MBtu were observed. As of December, 2005 wellhead natural 
gas prices were as high as $14.85/MBtu (The Kipler Letter, 2005).  Based on this  
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information, selling prices of $2.00, $4.00, $6.00, $8.00, $10.00m $12.00 and $14.00 
per MBtu were considered for this analysis. As a third variable, interest rates of 3%, 
5% and 7% were used. Tables 8.10 to 8.13 display the present worth of processed 
biogas sales, given the parameters described above. For calculations, see Appendix A. 
The method used to determine the present worth of processed biogas sales is described 
below.  
The equivalent future amount of revenue generated through processed biogas 
sales (F) at t = n, where n is the number of compounding periods, of any present 
amount of revenue (P), at t = 0 is the future worth of revenue generated through the 
sale of upgraded biogas.  See Equation 8.2. 
 
F=P(1 + i)
n, where i = interest rate per period (Equation 8.2) 
 
Similarly, the equivalence of any future amount to any present amount is 
known as the present worth (PW) and is calculated using Equation 8.3. 
 
P= F(1+i)
-n (Equation 8.3) 
 
As demonstrated by Equation 8.3, the PW of upgraded biogas sales is a 
function of the future amount of revenue generated by biogas sales, interest rates and 
the number of compounding periods. To determine F, biogas production, the methane 
content of the processed biogas and the amount of money the processed biogas is sold 
for must be known. To determine F, the following steps were used: 
1)  Determine the amount of biogas generated by the AD process.  The volume of 
biogas produced depends on the number of cows on the farm and the amount 
of biogas each produces.   
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2)  Once the amount of biogas generation is known, determine the amount of 
biogas that will be used to heat the digester. The biogas that is used to heat the 
digester is subtracted from the total amount of biogas available for processing.  
3)  Next, the total amount of methane available for sale to the natural gas pipeline 
after the biogas is processed must be determined.  This takes into account any 
losses during processing.  
4)  After the total methane available for sale is determined, the PW of the 
upgraded biogas can be determined, depending on the selling price to the 
buyer.   
For the calculations in Appendix A, it was assumed that: 
·  Each cow produces 100 ft
3 of biogas per day 
·  60% of the biogas is methane and 90% of the methane is recovered from the 
upgrading process.   
·  25% of the biogas is used to heat the digester 
The spreadsheet calculations in Appendix A allow the following variables to be 
changed: number of cows, selling price of upgraded biogas, interest rate. The results 
of the Appendix A calculations are summarized below.   
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Table 8.10: Present Worth Analysis for 500 Cow Dairy 
Number of 
Cows   Interest Rate   Gas Selling Price 
PW of Processed Gas 
Sales 
5000  3%  $2.00/MBtu  $126,098 
      $4.00/MBtu  $252,195 
      $6.00/MBtu  $378,293 
      $8.00/MBtu  $504,391 
    $10.00/MBtu  $630,489 
    $12.00/MBtu  $756,586 
    $14.00/MBtu  $882,684 
   5%  $2.00/MBtu  $114,147 
      $4.00/MBtu  $228,293 
      $6.00/MBtu  $342,440 
      $8.00/MBtu  $456,586 
    $10.00/MBtu  $570,733 
    $12.00/MBtu  $684,879 
    $14.00/MBtu  $799,026 
   7%  $2.00/MBtu  $103,826 
      $4.00/MBtu  $207,652 
      $6.00/MBtu  $311,478 
      $8.00/MBtu  $415,304 
    $10.00/MBtu  $519,130 
    $12.00/MBtu  $622,957 
    $14.00/MBtu  $726,783 
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Table 8.11: Present Worth Analysis for 1,000 Cow Dairy 
Number of 
Cows   Interest Rate   Gas Selling Price 
PW of Processed Gas 
Sales 
1,000  3%  $2.00/MBtu  $252,195 
      $4.00/MBtu  $504,391 
      $6.00/MBtu  $756,586 
      $8.00/MBtu  $1,008,782 
    $10.00/MBtu  $1,260,977 
    $12.00/MBtu  1,513,173 
    $14.00/MBtu  1,765,368 
   5%  $2.00/MBtu  $228,293 
      $4.00/MBtu  $456,586 
      $6.00/MBtu  $684,879 
      $8.00/MBtu  $913,172 
    $10.00/MBtu  $1,141,465 
    $12.00/MBtu  1,369,759 
    $14.00/MBtu  1,598,052 
   7%  $2.00/MBtu  $207,652 
      $4.00/MBtu  $415,304 
      $6.00/MBtu  $622,957 
      $8.00/MBtu  $830,609 
    $10.00/MBtu  $1,038,261 
    $12.00/MBtu  1,245,913 
    $14.00/MBtu  1,453,565 
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Table 8.12: Present Worth Analysis for 3,000 Cow Dairy 
Number of 
Cows   Interest Rate   Gas Selling Price 
PW of Processed Gas 
Sales 
3,000  3%  $2.00/MBtu  $756,586 
      $4.00/MBtu  $1,513,173 
      $6.00/MBtu  2,269,759 
      $8.00/MBtu  3,026,345 
    $10.00/MBtu  $3,782,932 
    $12.00/MBtu  $4,539,518 
    $14.00/MBtu  $5,296,104 
   5%  $2.00/MBtu  684,879 
      $4.00/MBtu  1,369,759 
      $6.00/MBtu  2,054,638 
      $8.00/MBtu  2,739,517 
    $10.00/MBtu  $3,424,396 
    $12.00/MBtu  $4,109,276 
    $14.00/MBtu  $4,794,155 
   7%  $2.00/MBtu  622,957 
      $4.00/MBtu  1,245,913 
      $6.00/MBtu  1,868,870 
      $8.00/MBtu  2,491,826 
    $10.00/MBtu  $3,114,783 
    $12.00/MBtu  $3,737,739 
    $14.00/MBtu  $4,360,696 
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Table 8.13: Present Worth Analysis for 5,000 Cow Dairy 
Number of 
Cows   Interest Rate   Gas Selling Price 
PW of Processed Gas 
Sales 
5,000  3%  $2.00/MBtu  1,260,977 
      $4.00/MBtu  2,521,954 
      $6.00/MBtu  3,782,932 
      $8.00/MBtu  5,043,909 
    $10.00/MBtu  $6,304,886 
    $12.00/MBtu  7,565,863 
    $14.00/MBtu  8,826,841 
   5%  $2.00/MBtu  1,141,465 
      $4.00/MBtu  2,282,931 
      $6.00/MBtu  3,424,396 
      $8.00/MBtu  4,565,862 
    $10.00/MBtu  $5,707,327 
    $12.00/MBtu  6,848,793 
    $14.00/MBtu  7,990,258 
   7%  $2.00/MBtu  1,038,261 
      $4.00/MBtu  $2,076,522 
      $6.00/MBtu  $3,114,783 
      $8.00/MBtu  $4,153,044 
    $10.00/MBtu  $5,191,072 
    $12.00/MBtu  6,229,566 
    $14.00/MBtu  7,267,827 
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Table 8.14: Present Worth Analysis for 10,000 Cow Dairy 
Number of 
Cows   Interest Rate   Gas Selling Price 
PW of Processed Gas 
Sales 
10,000  3%  $2.00/MBtu  $2,521,954 
      $4.00/MBtu  $5,043,909 
      $6.00/MBtu  $7,565,863 
      $8.00/MBtu  $10,087,818 
    $10.00/MBtu  $12,609,772 
    $12.00/MBtu  $15,131,727 
    $14.00/MBtu  $17,653,681 
   5%  $2.00/MBtu  $2,282,931 
      $4.00/MBtu  $4,565,862 
      $6.00/MBtu  $6,848,793 
      $8.00/MBtu  $9,131,724 
    $10.00/MBtu  $11,414,655 
    $12.00/MBtu  $13,697,586 
    $14.00/MBtu  $15,980,517 
   7%  $2.00/MBtu  $2,076,522 
      $4.00/MBtu  $4,153,044 
      $6.00/MBtu  $6,229,566 
      $8.00/MBtu  $8,306,088 
    $10.00/MBtu  $10,382,609 
    $12.00/MBtu  $12,459,131 
    $14.00/MBtu  $14,535,653 
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8.6 FINANCIAL VIABLITY OF PROCESSING BIOGAS TO NATURAL GAS 
QUALITY ON DAIRY FARMS OF VARIOUS SIZES 
 
In New York State (NYS), most dairies have 500 cows or less. However, as the 
shift from smaller dairies to CAFOs continues, the number of large dairies is likely to 
increase in coming years.  Also, current research suggests that centralized digesters 
may be feasible, allowing manure from multiple farms to be digested at one 
centralized location. For further information, see Centralized Anaerobic Digestion 
Options for Groups of Dairy Farms (Bothi and Aldrich, May, 2005) and Feasibility of 
a Central Anaerobic Digester for Ten Dairy Farms in Salem, NY (Bothi and Aldrich, 
June 2005).     
In other parts of the country, such as California and Illinois, larger dairies with 
3,000 to 10,000 cows exist. In several states, like New York, where smaller dairies 
exist in close proximity to each other, a community digester that accepts waste from 
several farms and possibly food processing plants may be an option to make 
processing biogas to natural gas quality feasible from a financial standpoint.  
Additionally, NYS is following the nation wide trend toward larger, more efficient 
dairy operations.  
In 2003, the Cayuga County Soil and Water Conservation District (SWCD) 
proposed to build a community digester in Auburn, NY.  The feasibility study for this 
project was partially funded by NYSERDA. The plug flow digester is sized to treat an 
equivalent herd of 3,500 animals, with the digester influent containing dairy manure 
and other organic wastes, such as food waste and food processing wastes. The 
proposed digester will treat manure from 2,800 cows, approximately 28% of animals 
in the area and 21,200 tons of food waste per year. This will result in the production of 
350,000f
3/biogas per day, assuming the equivalent herd of 3,500 cows (biogas 
produced from dairy manure and food waste digestion) produces 100f
3/biogas daily  
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(conservative estimate).  To date, this project seeking funds and has not begun 
construction, but demonstrates the potential that community digesters have to treat 
large amounts of waste while producing significant quantities of biogas. As of May 
2005, the business plan for the project is near completion and funding to build the 
digester is being requested from NYSERDA (Personal communication with Mr. Jim 
Hotaling, SWCD, May, 2005). This project, as an example, demonstrates that farmers, 
communities and government agencies are interested in pursuing community digesters 
in New York State.    
In additions, a project being developed by Global Common will collect manure 
from about 7,000 dairy cows at four farms in Cayuga County, NY. The manure will be 
transported to a centralized digester by pipeline or trucks.  In order to increase biogas 
output and quality, the digesters will also utilize organic wastes from food processing 
plants.  The biogas that is generated will be used to fire a co-generation system which 
will provide electricity to a nearby prison.  
For the purpose of this analysis, five different size dairies are considered (500, 
1,000, 3,000, 5,000 and 10,000 cows).  It is assumed that the digester is located on the 
farm and receives manure input from the farm only.  If 90% of the biogas that is 
generated during the digestion process is captured for use and 25% of the biogas is 
used to heat the digester, Appendix A shows the present worth of processed, high Btu 
biogas sales over a ten year period.  A ten year analysis period was chosen, as that is 
the standard time frame used in the evaluation of LFG processing projects.  
For the four different size dairies, the estimated gas processing and O&M costs 
to transform raw dairy biogas into natural gas quality gas are displayed in Table 8.3 
and Table 8.4.  Tables 8.14 to 8.17 display a summary of the PW of upgraded biogas 
sales, taking into account capital costs to build the gas processing system and O&M 
costs to run the system. Present worth is calculated using Equation 8.3.   
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PW of Income = PW of Revenue from Gas Sales - PW of Capital Costs – PW 
of O& M Costs {Equation 8.3} 
Costing calculations that use Equation 8.3 to determine the financial viability 
of processing and injecting dairy biogas from the four dairies into the natural gas 
pipeline are in Appendix B – Appendix E. These calculations take into account capital 
costs of equipment, operational and maintenance costs, upgraded gas selling price and 
interest rates.  
These cost estimates do not include the installation of additional pipeline to 
bring the processed biogas to the main natural gas pipeline. Here, it is assumed that the 
biogas production and processing site is located adjacent to the natural gas pipeline 
that it will be injected into.  
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8.7 FINANCIAL VIABLITY OF PROCESSING BIOGAS TO NATURAL GAS 
QUALITY ON DAIRY FARMS OF VARIOUS SIZES WITH PIPELINE 
INSTALLATION 
 
Realistically, it is unlikely that the biogas production and processing site will 
be located right next to the natural gas pipeline. Therefore, pipeline installation costs 
play an important part in determining the economic viability of the project. Tables 
8.20 to 8.24 below shows the PW analysis of selling upgraded biogas with ¼ mile, ½ 
mile and 1 mile pipeline installation for the four dairies. The PW of processed biogas 
sales was determined by using Equation 8.4, below. 
 
PW of Income = PW of Revenue from Gas Sales - PW of Capital Costs – PW of O& 
M Costs – Cost of Pipeline Installation     (Equation 8.4) 
 
See Appendix B – Appendix F for Present Worth calculations.   
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8.7.1 SENSETIVITY ANALYSIS 
 
To determine which parameters the financial viability of the project is most 
sensitive to, a sensitivity analysis of the following parameters was conducted:  
processed gas selling price, pipeline installation costs and interest rates.   
Conducting a sensitivity analysis is a method for analyzing uncertainty by 
changing input variables and observing the sensitivity of the result.  The method can 
be employed on a variable-by- variable basis or by changing groups of variables at 
once using scenario analysis. For a variable by variable analysis, the following 
approach was used.  
·  List the important factors that affect the financial viability of the project 
·  For each factor, define a range of possible values. The range usually 
consists of three to five values. The values can be based on a relative 
measure. For example, estimates for each factor could be categorized as 
"optimistic', "most likely", or "pessimistic". In practice, these values are 
usually based on past experience with similar projects or with current 
market values. 
·  Calculate net present value for each factor holding all other factors at 
their expected or “most likely” values.  
·  The resulting net present values may be examined to determine the 
degree of overall variation and which factor (or factors) is most 
responsible for variation in the estimates. 
Tables 8.25, below, illustrates the first two steps of the method applied to the 
four different size dairies. For upgraded biogas selling price, values of $14/MBtu, 
$10/MBtu and $6/MBtu were used for "optimistic', "most likely", or "pessimistic",  
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respectively. For pipeline construction and insulations costs, no pipeline installation 
was used as an “optimistic” value, while ½ mile and 1 mile pipeline costs were used 
for “most likely” and “pessimistic”. Interest values of 3%, 5% and 7% were used for 
"optimistic', "most likely" and “pessimistic". 
The first column in Table 8.25lists the factors believed to be most important to 
the financial viability of the project. Once values for each factor have been 
determined, the next step is to calculate a net present value using the most likely 
values for each parameter. 
After the net present value is calculated using the “most likely” values, 
additional net present values are calculated by allowing one factor to vary while the 
others are held constant at their most likely values. The outcome of the sensitivity 
analysis is show in Table 8.26. For sensitivity analysis calculations, see Appendix G. 
The results show how sensitive the net present value ratios are to changes in 
individual factors. For example, the smallest variation is caused by changes in interest 
rates. The largest changes in net present value ratios are caused by processed gas 
selling price and pipeline costs.  The price received for the selling of processed biogas 
has the greatest impact on the economic viability of a project, when selling price, 
pipeline costs (up to 1 mile) and interest rates are taken into consideration.  
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Table 8.25: Sensitivity Analysis Parameters 
Parameters Used in the Three Parameter Sensitivity Analysis for Five Different 
Size Dairies 
Factor  Optimistic   Most Likely  Pessimistic 
500 Cows          
Upgraded Gas Selling 
Price ($/Mbtu)  14  10  6 
Pipeline Costs  $0   $151,232   $302,465  
Interest Rate  3%  5%  7% 
1,000 Cows          
Upgraded Gas Selling 
Price ($/Mbtu)  14  10  6 
Pipeline Costs  $0   $151,232   $302,465  
Interest Rate  3%  5%  7% 
3,000 Cow          
Upgraded Gas Selling 
Price  14  10  6 
Pipeline Costs  $0   $215,384   $430,769  
Interest Rate  3%  5%  7% 
5,000 Cows          
Upgraded Gas Selling 
Price  14  10  6 
Pipeline Costs  $0   $264,033   $585,803  
Interest Rate  3%  5%  7% 
10,000 Cows          
Upgraded Gas Selling 
Price  14  10  6 
Pipeline Costs  $0   $292,901   $640,332  
Interest Rate  3%  5%  7% 
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Table 8.26: Sensitivity Analysis Results 
Factor  Optimistic  Most Likely  Pessimistic 
500 Cows       
Upgraded Gas Selling 
Price ($/MBtu)  0.77  1.00  1.23 
Pipeline Costs  0.70  1.00  1.30 
Interest Rate  0.99  1.00  1.01 
1,000 Cows       
Upgraded Gas Selling 
Price ($/MBtu)  -0.43  1.00  2.43 
Pipeline Costs  0.06  1.00  2.19 
Interest Rate  0.74  1.00  1.22 
3,000 Cow       
Upgraded Gas Selling 
Price  2.49  1.00  -0.49 
Pipeline Costs  1.47  1.00  0.89 
Interest Rate  1.34  1.00  0.71 
5,000 Cows       
Upgraded Gas Selling 
Price  2.52  1.00  -0.42 
Pipeline Costs  1.33  1.00  0.60 
Interest Rate  1.34  1.00  0.71 
10,000 Cows       
Upgraded Gas Selling 
Price  1.78  1.00  0.11 
Pipeline Costs  1.05  1.00  0.82 
Interest Rate  1.15  1.00  0.77 
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8.8 RESULTS AND DISCUSSION 
 
Figure 8.2 – Figure 8.5 illustrate the present worth of biogas sales based on 
processed biogas selling value, pipeline installation and interest rates.  For a 500 cow 
dairy, the graph shows that a profit begins being made if the processed biogas is sold 
for $12.00/MBtu, assuming that no additional pipeline is installed and that the interest 
rate is low (3%). A profit can be made if pipeline is installed (up to ½ mile), as long as 
the processed biogas sells for at least $14.00/MBtu. 
For a 1,000 cow dairy, the data shows that a profit will not be made unless the 
upgraded biogas is sold for at least $6.00/MBtu, assuming a low interest rate of 3%. If 
the upgraded biogas is sold for less than $6.00/MBtu, regardless of the amount of 
pipeline installed or interest rate over the lifetime of the project, money will be lost. If 
the biogas is sold for $8.00/MBtu, a profit is made as long as the pipeline installation 
is not over ½ mile long. At a selling price of $10.00/MBtu, a profit may be made even 
if up to 1 mile of pipeline is installed and at a higher interest rate. 
For a 3,000 cow dairy,  a profit begins being made if the upgraded biogas is 
sold for at least $4.00/MBtu, provided that no pipeline is installed and that the interest 
rate is low (3%). If it is necessary to install pipeline to connect to the natural gas 
network, the gas must be sold for at least $6.00/MBtu. With a dairy of this size, if a 
pipeline of up to one mile must be installed, a profit can still be made, even at a high 
interest rate (7%), as long as the processed gas is sold for $6.00/MBtu or more.  
As with the 3,000 cow dairy, a profit can be made on a 5,000 cow dairy if the 
processed gas is sold for at least $4.00/MBtu, provided that no pipeline installation is 
necessary and that the interest rate is relatively low. If the processed biogas seller 
cvreceives at least $6.00/MBtu for the gas, and installs ½ mile or less of pipeline,  
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significant revenue can be made over the 10 year life of the project. For example, if 
the seller installs ½ mile pipeline, at 3% interest, over $1,000,000 in revenue will be 
made.   
Extrapolating the data, the “break even” price that the processed biogas must 
sell for on a 10,000 cow is $3.50/MBtu. If the gas is sold for at least $4.00/MBtu, with 
no pipeline installation and a low interest rate (3%), over $1,000,000 in profit can be 
made over the course of the project. If the gas is sold at a higher rate ($8.00 – $10.00 
per MBtu), a significant profit of approximately $3,832,736 and $5,909,250 can be 
made, respectively, even if up to one mile of pipeline must be installed and at a high 
interest rate (7%). 
 
 
  
 
 
5
0
0
 
C
o
w
 
P
W
 
A
n
a
l
y
s
i
s
-
$
1
,
0
0
0
,
0
0
0
-
$
8
0
0
,
0
0
0
-
$
6
0
0
,
0
0
0
-
$
4
0
0
,
0
0
0
-
$
2
0
0
,
0
0
0
$
0
$
2
0
0
,
0
0
0
$
4
0
0
,
0
0
0
$
2
.
0
0
/
M
b
t
u
$
4
.
0
0
/
M
b
t
u
$
6
.
0
0
/
M
b
t
u
$
8
.
0
0
/
M
b
t
u
$
1
0
.
0
0
/
M
b
t
u
$
1
2
.
0
0
/
M
B
t
u
$
1
4
.
0
0
/
M
B
t
u
P
r
o
c
e
s
s
e
d
 
B
i
o
g
a
s
 
S
e
l
l
i
n
g
 
V
a
l
u
e
 
(
$
/
M
B
t
u
)
 
3
%
,
 
N
o
 
P
i
p
e
l
i
n
e
5
%
,
 
N
o
 
P
i
p
e
l
i
n
e
7
%
,
 
N
o
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
4
 
M
i
l
e
P
i
p
e
l
i
n
e
5
%
,
 
1
/
4
 
M
i
l
e
P
i
p
e
l
i
n
e
7
%
,
 
1
/
4
 
M
i
l
e
P
i
p
e
l
i
n
e
3
%
,
 
1
/
2
 
M
i
l
e
P
i
p
e
l
i
n
e
5
%
,
 
1
/
2
 
M
i
l
e
P
i
p
e
l
i
n
e
7
%
,
 
1
/
2
 
M
i
l
e
P
i
p
e
l
i
n
e
3
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
 
 
 
F
i
g
u
r
e
 
8
.
2
:
 
P
r
e
s
e
n
t
 
W
o
r
t
h
 
o
f
 
B
i
o
g
a
s
 
S
a
l
e
s
 
o
n
 
5
0
0
 
C
o
w
 
D
a
i
r
y
 
151  
 
 
1
,
0
0
0
 
C
o
w
 
P
W
 
A
n
a
l
y
s
i
s
-
$
1
,
0
0
0
,
0
0
0
-
$
8
0
0
,
0
0
0
-
$
6
0
0
,
0
0
0
-
$
4
0
0
,
0
0
0
-
$
2
0
0
,
0
0
0
$
0
$
2
0
0
,
0
0
0
$
4
0
0
,
0
0
0
$
6
0
0
,
0
0
0
$
8
0
0
,
0
0
0
$
1
,
0
0
0
,
0
0
0
$
1
,
2
0
0
,
0
0
0
$
2
.
0
0
/
M
b
t
u
$
4
.
0
0
/
M
b
t
u
$
6
.
0
0
/
M
b
t
u
$
8
.
0
0
/
M
b
t
u
$
1
0
.
0
0
/
M
b
t
u
$
1
2
.
0
0
/
M
B
t
u
$
1
4
.
0
0
/
M
B
t
u
P
r
o
c
e
s
s
e
d
 
B
i
o
g
a
s
 
S
e
l
l
i
n
g
 
V
a
l
u
e
 
(
$
/
M
B
t
u
)
3
%
,
 
N
o
 
P
i
p
e
l
i
n
e
5
%
,
 
N
o
 
P
i
p
e
l
i
n
e
7
%
,
 
N
o
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
 
F
i
g
u
r
e
 
8
.
3
:
 
P
r
e
s
e
n
t
 
W
o
r
t
h
 
o
f
 
B
i
o
g
a
s
 
S
a
l
e
s
 
o
n
 
1
,
0
0
0
 
C
o
w
 
D
a
i
r
y
 
 
152  
 
 
3
,
0
0
0
 
C
o
w
 
P
W
 
A
n
a
l
y
s
i
s
-
$
1
,
5
0
0
,
0
0
0
-
$
1
,
0
0
0
,
0
0
0
-
$
5
0
0
,
0
0
0
$
0
$
5
0
0
,
0
0
0
$
1
,
0
0
0
,
0
0
0
$
1
,
5
0
0
,
0
0
0
$
2
,
0
0
0
,
0
0
0
$
2
,
5
0
0
,
0
0
0
$
3
,
0
0
0
,
0
0
0
$
3
,
5
0
0
,
0
0
0
$
4
,
0
0
0
,
0
0
0
$
4
,
5
0
0
,
0
0
0
$
2
.
0
0
/
M
b
t
u
$
4
.
0
0
/
M
b
t
u
$
6
.
0
0
/
M
b
t
u
$
8
.
0
0
/
M
b
t
u
$
1
0
.
0
0
/
M
b
t
u
$
1
2
.
0
0
/
M
B
t
u
$
1
4
.
0
0
/
M
B
t
u
P
r
o
c
e
s
s
e
d
 
B
i
o
g
a
s
 
S
e
l
l
i
n
g
 
V
a
l
u
e
 
(
$
/
M
B
t
u
)
3
%
,
 
N
o
 
P
i
p
e
l
i
n
e
5
%
,
 
N
o
 
P
i
p
e
l
i
n
e
7
%
,
 
N
o
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
 
F
i
g
u
r
e
 
8
.
4
:
 
P
r
e
s
e
n
t
 
W
o
r
t
h
 
o
f
 
B
i
o
g
a
s
 
S
a
l
e
s
 
o
n
 
a
 
3
,
0
0
0
 
C
o
w
 
D
a
i
r
y
 
 
153  
 
 
5
,
0
0
0
 
C
o
w
 
P
W
 
A
n
a
l
y
s
i
s
-
$
3
,
0
0
0
,
0
0
0
-
$
2
,
0
0
0
,
0
0
0
-
$
1
,
0
0
0
,
0
0
0
$
0
$
1
,
0
0
0
,
0
0
0
$
2
,
0
0
0
,
0
0
0
$
3
,
0
0
0
,
0
0
0
$
4
,
0
0
0
,
0
0
0
$
5
,
0
0
0
,
0
0
0
$
6
,
0
0
0
,
0
0
0
$
7
,
0
0
0
,
0
0
0
$
2
.
0
0
/
M
b
t
u
$
4
.
0
0
/
M
b
t
u
$
6
.
0
0
/
M
b
t
u
$
8
.
0
0
/
M
b
t
u
$
1
0
.
0
0
/
M
b
t
u
$
1
2
.
0
0
/
M
B
t
u
$
1
4
.
0
0
/
M
B
t
u
P
r
o
c
e
s
s
e
d
 
B
i
o
g
a
s
 
S
e
l
l
i
n
g
 
V
a
l
u
e
 
(
$
/
M
B
t
u
)
3
%
,
 
N
o
 
P
i
p
e
l
i
n
e
5
%
,
 
N
o
 
P
i
p
e
l
i
n
e
7
%
,
 
N
o
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
 
F
i
g
u
r
e
 
8
.
5
:
 
P
r
e
s
e
n
t
 
W
o
r
t
h
 
o
f
 
B
i
o
g
a
s
 
S
a
l
e
s
 
o
n
 
a
 
5
,
0
0
0
 
C
o
w
 
D
a
i
r
y
 
154  
 
 
1
0
,
0
0
0
 
C
o
w
 
P
W
 
A
n
a
l
y
s
i
s
-
$
4
,
0
0
0
,
0
0
0
-
$
2
,
0
0
0
,
0
0
0
$
0
$
2
,
0
0
0
,
0
0
0
$
4
,
0
0
0
,
0
0
0
$
6
,
0
0
0
,
0
0
0
$
8
,
0
0
0
,
0
0
0
$
1
0
,
0
0
0
,
0
0
0
$
1
2
,
0
0
0
,
0
0
0
$
1
4
,
0
0
0
,
0
0
0
$
1
6
,
0
0
0
,
0
0
0
$
2
.
0
0
/
M
b
t
u
$
4
.
0
0
/
M
b
t
u
$
6
.
0
0
/
M
b
t
u
$
8
.
0
0
/
M
b
t
u
$
1
0
.
0
0
/
M
b
u
t
$
1
2
.
0
0
/
M
B
t
u
$
1
4
.
0
0
/
M
B
t
u
P
r
o
c
e
s
s
e
d
 
B
i
o
g
a
s
 
S
e
l
l
i
n
g
 
V
a
l
u
e
 
(
$
/
M
B
t
u
)
3
%
,
 
N
o
 
P
i
p
e
l
i
n
e
 
5
%
,
 
N
o
 
P
i
p
e
l
i
n
e
7
%
,
 
N
o
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
4
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
/
2
 
M
i
l
e
 
P
i
p
e
l
i
n
e
3
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
5
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
7
%
,
 
1
 
M
i
l
e
 
P
i
p
e
l
i
n
e
 
 
 
 
F
i
g
u
r
e
 
8
.
6
:
 
P
r
e
s
e
n
t
 
W
o
r
t
h
 
o
f
 
B
i
o
g
a
s
 
S
a
l
e
s
 
o
n
 
1
0
,
0
0
0
 
C
o
w
 
D
a
i
r
y
155  
 
156 
Figures 8.7 – 8.9 show farm size (number of cows) versus profitability (revue 
generated from the sales of upgraded biogas, minus capital and O&M costs), assuming 
a 5% interest rate over the life of the project.  These figures demonstrate the 
importance of establishing a minimum buying price for the processed biogas.  Each  
series of vertical points on each figure represents the processed biogas selling prices of 
$2.00, $4.00, $6.00, $8.00, $10.00, $12.00 and $14.00 per MBtu, respectively,  from 
bottom to top. 
These figures reiterate the importance of the minimum processed biogas 
selling price to the economic viability of the project.  If a smaller dairy of 500 cows 
receives at least $12.00/MBtu, with a low interest rate and no pipeline installation, 
revue is generated from the sale of the processed biogas.  
As dairy size increases, the minimum amount the processed biogas must be sold for to 
make a profit decreases. For a very large dairy (10,000 cows), the minimum selling 
price drops to $3.50/MBtu in order for a profit to be made. 
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Farm Size Versus Profitability
 No Pipeline Installation, 5% Interest
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Figure 8.7: Farm Size vs. Profitability, No Pipeline Installation, 5% Interest 
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Farm Size Versus Profitability
1/4 Mile Pipeline Installation, 5% Interest
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Figure 8.8: Farm Size vs. Profitability, 1/4 Mile Pipeline, 5% Interest 
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Farm Size Versus Profitability
1/2 Mile Pipeline Installation, 5% Interest
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Figure 8.9 Farm Size vs. Profitability, ½ Mile Pipeline, 5% Interest 
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Farm Size Versus Profitability
1 Mile Pipeline Installation, 5% Interest
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Figure 8.10: Farm Size vs. Profitability, 1 Mile Pipeline, 5% Interest 
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CHAPTER  
 
9.  CONCLUSIONS AND RECOMMENDATIONS FOR FUTURE WORK 
 
The major component of biogas from the anaerobic digestion of dairy waste is 
methane, the rest being primarily carbon dioxide, with trace amounts of hydrogen 
sulfide and other impurities. The technical measures to clean and upgrade this biogas 
to a quality and state which allows it to be injected into the natural gas pipeline are 
proven and well established. There are no technical roadblocks to upgrading dairy 
biogas to natural gas quality.  However, the technology available on the market today 
is expensive and technologies that reduce capital and operational/maintenance costs 
need further development.  
The profitability of injecting processed biogas into the natural gas network 
depends on several factors, including: capital cost of equipment, 
operational/maintenance costs, processed biogas selling price, proximity of the farm to 
the natural gas pipeline, and interest rates.  
In situations where a farm or a community digester processes waste from a 
relatively small number of cows, or if the price the farmer receives for the processed 
biogas is low, the lack of economic incentives are the major roadblock for injecting 
the processed biogas into the natural gas pipeline network. In this case, alternative 
utilization options will be more profitable.  
For both smaller and larger biogas producers, tax incentives and subsidies are 
tools that may be used to promote the processing of biogas for pipeline introduction. 
Independent of farm size, it is optimal to locate farm/community digester and 
processing plant near an established natural gas pipeline, as the design and installation 
of pipeline is expensive and may be cost prohibitive.   
 
162 
Another roadblock, which has been experienced by farmers and landfill 
developers in the United States, is reluctance and resistance from the natural gas 
companies to accept the processed biogas. Natural gas companies and the customers 
that use the pipeline gas are concerned about quality control issues associated with the 
processed biogas. Thus, if processed biogas is to be injected into the natural gas 
pipeline, a gas quality control testing system and close communication between the 
biogas processing plant and the pipeline owner is essential.  
Over the past several years, as interest in introducing “green” electricity into 
the power grid has increased, regulations have been established in order to protect the 
electricity generator and the buyer. Similarly, in order to promote investments in high 
Btu dairy biogas processing plants, clear regulations and guidelines must be 
established for the biogas producers/processing plant owners and the natural gas 
pipeline owners.  Standardization of processed biogas quality and access rights for 
adding processed biogas to the natural gas grid are critical to the success of future 
projects that process medium Btu biogas to high Btu gas for injection into the natural 
gas pipeline.  
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APPENDIX G: Sensitivity Analysis 
 
 
Figure A-6: Three Variable Sensitivity Analysis  
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